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EXECUTIVE SUMMARY 

 
This report broadens a previous review of published literature on corrosion of recovery boiler 
superheater tube materials to consider the performance of candidate materials at temperatures near the 
deposit melting temperature in advanced boilers firing coal, wood-based fuels, and waste materials as 
well as in gas turbine environments.  Discussions of corrosion mechanisms focus on the reactions in 
fly ash deposits and combustion gases that can give corrosive materials access to the surface of a 
superheater tube.    
 
Setting the steam temperature of a biomass boiler is a compromise between wasting fuel energy, 
risking pluggage that will shut the unit down, and creating conditions that will cause rapid corrosion 
on the superheater tubes and replacement expenses.   
 
The most important corrosive species in biomass superheater corrosion are chlorine compounds and 
the most corrosion resistant alloys are typically FeCrNi alloys containing 20 to 28%Cr.  Although 
most of these materials contain many other additional additions, there is no coherent theory of the 
alloying required to resist the combination of high temperature salt deposits and flue gases that are 
found in biomass boiler superheaters that may cause degradation of superheater tubes. 
 
After depletion of chromium by chromate formation or chromic acid volatilization exceeds a critical 
amount, the protective scale gives way to a thick layer of Fe2O3 over an unprotective (FeCrNi)3O4 
spinel.  This oxide is not protective and can be penetrated by chlorine species that cause further 
acceleration of the corrosion rate by a mechanism called active oxidation.  Active oxidation, cited as 
the cause of most biomass superheater corrosion under chloride ash deposits, does not occur in the 
absence of these alkali salts when the chloride is present as HCl gas. 
 
Although a deposit is more corrosive at temperatures where it is molten than at temperatures where it 
is frozen, increasing superheater tube temperatures through the measured first melting point of fly ash 
deposits does not necessarily produce a step increase in corrosion rate.  The corrosion rate typically 
accelerates at temperatures below the first melting temperature and mixed deposits may have a broad 
melting temperature range.  Although the environment at a superheater tube surface is initially that of 
the ash deposits, this chemistry typically changes as the deposits mature.  The corrosion rate is 
controlled by the environment and temperature at the tube surface, which can only be measured 
indirectly.  Some results are counter-intuitive.   
Two boiler manufacturers and a consortium have developed models to predict fouling and corrosion 
in biomass boilers in order to specify tube materials for particular operating conditions.  It would be 
very useful to compare the predictions of these models regarding corrosion rates and recommended 
alloys in the boiler environments where field tests will be performed in the current program. 
 
Manufacturers of biomass boilers have concluded that it is more cost-effective to restrict steam 
temperatures, to co-fire biofuels with high sulfur fuels and/or to use fuel additives rather than try to 
increase fuel efficiency by operating with superheater tube temperatures above melting temperature of 
fly ash deposits.  Similar strategies have been developed for coal fired and waste-fired boilers.  
Additives are primarily used to replace alkali metal chloride deposits with higher melting temperature 
and less corrosive alkali metal sulfate or alkali aluminum silicate deposits. 
 
Design modifications that have been shown to control superheater corrosion include adding a radiant 
pass (empty chamber) between the furnace and the superheater, installing cool tubes immediately 
upstream of the superheater to trap high chloride deposits, designing superheater banks for quick 
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replacement, using an external superheater that burns a less corrosive biomass fuel, moving 
circulating fluidized bed (CFB) superheaters from the convective pass into the hot recirculated 
fluidizing medium and adding an insulating layer to superheater tubes to raise their surface 
temperature above the dew point temperature of alkali chlorides.  All these design changes offer 
advantages but introduce other challenges.  For example, operating with superheater temperatures 
above the dew point of alkali chlorides could require the use of creep-resistant tube alloys and does 
not eliminate chloride corrosion. 
 
Improved test methods that can be applied within this project include automated dimensional 
metrology to make a statistical analysis of depth of penetration and corrosion product thickness, and 
simultaneous thermal analysis measurements to quantify the melting of complex ashes and avoid the 
unreliability of the standard ash fusion test. 
 
Other important developments in testing include the installation of individually-temperature-
controlled superheater loops for corrosion testing in operating boilers and temperature gradient 
testing.  Several laboratories have shown that increases in temperature gradient increase corrosion 
rates at a given tube temperature.  Although constant temperature laboratory tests can be useful for 
identifying and comparing the corrosion resistance of candidate alloys, field testing or thermal 
gradient laboratory testing may be more appropriate for simulating conditions in operating boilers. 
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1. INTRODUCTION 
 
 
Industrial boilers make process steam, provide heating and cooling, and generate electricity. These 
boilers can use biomass fuels as an alternative to fossil fuels such as natural gas, coal, and fuel oil.  
However, biomass fuels often contain significant amounts of elements such as chlorine, potassium, 
sodium and sulfur that form deposits on the superheater tubes that heat the steam produced in the 
boiler to its final temperature.   Because these deposits have low melting points, standard operating 
practice for biomass boilers has been to limit the temperature of superheater tubes substantially below 
that of fossil fuel-fired boilers in order to avoid the possibility that deposits could be molten on 
superheater tube surfaces and cause accelerated corrosion.  However, reducing the superheater tube 
temperature limits the energy that can be derived from a fuel far below the current efficiencies of 
advanced fossil fuel fired boilers.   The project funded under Department of Energy (DOE) Award 
DE-FC36-04GO17884 will investigate corrosion mitigation strategies that could improve the 
efficiency of biomass-fueled boilers, in order to increase the use of renewable energy and reduce the 
country’s dependence on imported fossil fuels.  This report reviews current understanding of the 
science and technology of superheater corrosion in biomass boilers in order to establish the state of 
the art.  This will support the project goals of finding ways to reduce corrosion and extend the life of 
superheater tubes operating at temperatures above the melting point of ash deposits. 

 
After an introduction to the underlying issues, the report first considers corrosion in black liquor 
recovery boilers, expanding and updating a literature survey from a previous project.  Current 
knowledge of corrosion and of corrosion control in related environments in gas turbines, coal fired 
boilers and waste-fired boilers is then summarized, with particular reference to molten deposits.  The 
rest of the report is a detailed survey of corrosion in biomass boiler superheaters.  Most of the 
experience and technology in this field is European and the author has had personal discussions with 
many of the leaders in this field in Sweden, Finland, Germany and the United Kingdom (UK). 
 
1.1 MOTIVATION TO USE RENEWABLE FUELS 
 
Interest in generating energy from biomass fuels is growing because of the desire to reduce US 
dependence on foreign oil.  In 2009, renewable energy accounted for only 8% of the total energy 
consumed in the United States (US) [101].  Figure 1 shows the sources from which the US obtained 
its energy in 2009 [101].   
 
Between 2008 and 2009 the country’s total energy consumption decreased 4.6%, to 94.8 quadrillion 
British Thermal Units (Btu).  During this period the energy produced from coal and petroleum 
decreased 0.15 and 0.15 quadrillion Btu, respectively, while renewable energy consumption rose 0.3 
quadrillion Btu.  The largest increases in renewable fuels were 0.17 trillion Btu from biomass fuels, 
0.17 trillion Btu from hydroelectric and 0.15 trillion Btu from wind.  The largest decreases in 
renewable fuel types were 0.15 quadrillion Btu for wood and wood-derived fuels. 
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Fig. 1. Total and renewable energy consumption in the U.S. in 2009. 

 
The increased use of biomass fuels between 2008 and 2009 (12%) was much less than the 38% 
growth rate of the previous year, partly because policy changes made exporting biomass fuels less 
favorable.   
 
In contrast, Europe responded vigorously to the Kyoto Protocol by committing to reduce greenhouse 
gas emissions between 2008 and 2012 compared to 1990 levels.  Without Europe’s current use of 
biomass, between 2% and 8% more CO2 would be emitted.  Europe’s additional use of biomass fuels 
could further reduce CO2 emissions by 7%, to 28% [47].   
 
Calculations by Mann and Spath of the National Renewable Energy Laboratory (NREL) [133] 
indicate that replacing 5% and 15% of an Illinois No. 6 coal with urban waste biomass could reduce 
power plant greenhouse gas emissions by 7% and 22% respectively per unit of electricity produced.   
However, there are significant barriers to the utilization of biomass by conventional coal-fired utilities 
in the US [47].  These can be grouped into materials handling issues, operational issues and 
agglomeration, fouling and corrosion issues.  Weber and Zygarlicke [47] have summarized the 
availability of biomass fuels (agricultural wastes, forest residuals and wood residuals, municipal 
wastes and energy crops).  The materials handling issues begin with the fact that electricity generation 
from biomass requires much greater volumes of biomass fuels than of coal.  Many biomass materials 
also have much higher contents of corrosives (e.g. alkali salts and chlorine) and erosives (e.g. silica) 
than coal.  The mechanisms by which alkali salts and chlorine cause corrosion will be discussed in 
detail in this review. Lastly, sticky (partially-molten) deposits on heat exchange surfaces restrict heat 
transfer on superheater tubes and form difficult-to-purge clinkers in the lower furnace.   Weber and 
Zygarlicke note that the final and perhaps most important barrier to the development of biomass 
power in the US is economic.  The US’s deregulated power industry pursues a least-cost approach to 
electricity generation, avoiding investment risks.  This approach makes it difficult for biomass fuel 
projects to compete.       
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Discussions about carbon neutrality have increased in importance with concerns about the role of 
carbon dioxide in global warming.  Carbon dioxide concentrations are increasing because of fossil 
fuel burning and deforestation.  Biomass fuels and other plant-based materials store carbon only for 
months or years, unlike fossil fuels, which store carbon for millions of years.  So, when plant-based 
substances are burned, the carbon dioxide they have converted into plant material is essentially 
recycled, moving from air to the plant and back to the air.  The carbon removed from the air by the 
plants cancels out the carbon emitted by the plant when it is burned.  Although the harvesting and 
transportation of the biomass to the boiler uses petroleum-based fuels for transportation and 
electricity for cutting and chipping, making energy by burning recently grown biomaterials is much 
more nearly carbon neutral than making energy by burning fossil fuels1.  
 
Turning from renewable fuels to waste fuels, Lee, Themelis and Castaldi reported that, in 2007, 88 
waste-to-energy (WTE) plants were operating in the US [158].  They burned about 143,000,000 
metric tons2 of municipal solid wastes and generated about 45,000,000,000 kWh of electricity and an 
equal amount of energy for district heating and industrial use.  Capital and maintenance costs 
accounted for about 60% and 15% of the annual cost of operating a WTE facility.  Maintenance costs 
due to corrosion ranged from $0.23 per ton to $8.17 per ton of MSW combusted, with a typical cost 
of about $4 per short ton3.  These wastes contain from about 0.5% to 0.75% of chlorine, half of 
which comes from chlorinated plastics, mostly PVC.   

 
1.2 INTRODUCTION TO RELATIONSHIP BETWEEN STEAM TEMPERATURE AND 

HEAT RECOVERED FROM FUEL 
 

The energy extracted by converting heat into work in the Rankine steam cycle used by industrial 
boilers is limited by the difference between the maximum and minimum steam temperatures in the 
steam cycle.  These temperatures in turn are limited by the alloys used to manufacture the boiler 
tubes. Unless supercritical steam pressures are used, steam cycle limits are typically from the 
temperatures at which tube materials began to creep to water condenser temperatures.  Historic limits 
for stainless steels in coal-fired power stations have been about 565°C (1049°F) and condenser 
temperatures are around 30°C (86°F). This presents a theoretical maximum efficiency of about 63%.  
The most efficient coal-fired power stations achieve efficiencies of only about 45%.  Combined cycle 
plants achieve higher efficiencies by using the exhaust gases from a gas turbine generator to heat a 
steam boiler that produces additional electric power. 

 
1.3 INTRODUCTION TO TYPES OF BOILERS USED TO BURN BIOMASS  

 
Biomass fuels are burned in three main types of boilers (plus combined heat and power, CHP), which 
are called grate fired, bubbling bed and circulating fluidized bed units.  The design and operation of 
these boilers are described in the handbook written by Babcock and Wilcox [62].  These boilers are 
normally operated solely to generate electricity but can be operated to simultaneously generate a 
combination of heat and power.    
 
Grate-fired boilers (“stokers”) are used for fuels that are burned as coarse particles.  The fuel particles 
are mechanically or pneumatically fed onto the upper track of a belt-type grate, which consists of a 
large number of closely-spaced parallel bars linked by joints.  The fuel is dried and burned as the 

                                                 
1 Confusion arises because the same term “carbon neutral” is used to describe carbon off-setting in which amounts of 
carbon emitted into the air as a result of human activity are offset by tree planting or other activities that produce a 
corresponding lowering of carbon dioxide emitted elsewhere. 
2 1 metric ton is 2205 lbs. 
3 1 short ton is 2000 lbs. 
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grate moves through the bottom of the furnace.  Lighter fractions and small fuel particles burn in 
suspension.  A cut-off gate directs the ash into a hopper as the grate belt leaves the furnace cavity, 
turns down and returns back to the feed side of the boiler.  Primary combustion air blown into the fuel 
from below the grate helps to keep the belt cool.   
 
In fluidized bed combustion, fuel particles burn while they are suspended in an upward-blowing gas 
stream.  The furnace cavity contains a granular material like sand.  As the rate of upward flow is 
increased, a condition is reached where the sand particles are suspended and the bed behaves like a 
fluid.  The mixture of upward air flow and the tumbling of the particles provides uniform mixing, 
even flow and good heat transfer to the wall tubes.  Excessive upward air flow begins to form bubbles 
of air in the bed.  This substantially increases the volume of the air-solids mixture that forms the bed 
and produces turbulent flow.  Fluidized bed boilers can handle a wider variety of fuels than 
conventional boilers.  Fluidized bed boilers are of two types, bubbling bed boilers and circulating 
fluidized bed boilers.  Bubbling fluidized beds normally operate with a restricted combustion air in a 
reducing atmosphere.  They are normally used to burn lower-quality fuels that contain substantial 
volatile matter.  Most of the fluidizing medium remains in the furnace.  In circulating fluidized bed 
boilers, the combustion gases carry fluidizing particles out of the furnace.  These hot particles are 
removed in a cyclone and returned to the bottom of the furnace though a recirculation loop called the 
loop seal because the fluidizing particles are separated from the flue gases.   
 
The inorganic ash particles that remain after the organic components of a fuel have been combusted 
either fall to the bottom of the furnace, where they fall into a hopper, or are carried forward with the 
flue gases as fly ash particles.  Some of the fly ash is collected in hoppers under the economizer and 
air heater tubes and the rest is removed by electrostatic precipitators or bag filters.   
 
Limestone can be added to boilers to reduce SOx emissions.  This reaction produces calcium sulfate.  
Contact between the hot calcium sulfate particles and the tubes also increases heat transfer.   
 
Slag-tap furnaces were originally developed to burn fuels with low ash melting temperatures.  Molten 
ash forms on the lower furnace walls and continuously drains out through openings ("slag taps”) in 
the furnace floor, just as molten smelt drains out though smelt spouts in the bottom of a black liquor 
recovery boiler.  Although slag-tap units have the advantage of producing much less fly ash, their 
high furnace temperatures emit more NOx than is allowed by today’s permits. 
 
In contrast the lower combustion temperatures in fluidized bed boilers have much less tendency to 
produce molten deposits on the fireside of even the hottest (i.e. the superheater) tubes.  Because of 
their lower combustion temperatures, fluidized bed boilers produce lower NOx emissions than grate-
fired boilers.  However, as will be discussed later, fuels containing high concentrations of alkali metal 
salts, and chlorides may still cause corrosion and fouling in the hottest tubes.  
 
For a boiler to generate power from biomass fuels over an extended period of years, its tubes must be 
made from materials that resist corrosion and cracking.  Fireside corrosion and internal corrosion of 
tubes in the furnace wall and economizer can cause substantial problems, but this report will focus on 
resistance to fireside corrosion in the superheater tubes4, where the steam receives its final heating 
before it leaves the boiler to generate power in the turbo-generator.   
 

                                                 
4 In addition, fluidizing media (typically sand) can erode tubes in and around a fluidized bed furnace.   
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1.4 INTRODUCTION TO CORROSION ISSUES IN BIOMASS FUEL BOILER 
SUPERHEATERS 

 
Fireside corrosion of superheater tubes is generally more severe than steam-side corrosion5  in 
biomass boilers.  Flue gases produced in biomass boilers are relatively corrosive because they contain 
relatively high concentrations of alkali, sulfur and chlorine gases and particles.  Stainless superheater 
tubes suffer higher corrosion rates at much lower temperatures than in coal-fired boilers.  This has 
forced biomass fueled boiler operators to keep steam conditions far below those used with clean coal 
fuels.  The National Renewable Energy Laboratory has made a preliminary survey of the extent and 
nature of corrosive alkali deposits formed in boilers burning annual crop fuels [41].  Low melting 
temperature particles carried over with the flue gases (e.g. alkali metal chlorides and sulfates) and 
corrosive gases released by combustion processes (e.g. HCl and Cl2) not only cause corrosion, but 
also form deposits that limit the rate of heat transfer to the steam in the tubes.     
 
Molten superheater deposits are much more corrosive to superheater tubes than solid deposits.  
Superheater deposits typically melt progressively over a broad temperature range.  Although fly ash 
particles typically do not stick on tubes unless the surface temperature is high enough to melt 15 to 
20% of the deposit, most boiler operators are careful avoid operating with maximum superheater tube 
temperatures hotter than the first melting temperature (FMT) of fireside ash deposits.  Sticky deposits 
cause two types of problem.  They cause fireside corrosion and they agglomerate by attracting other 
deposits like a fly paper.  This build-up of deposits, called fouling, can lead to pluggage where the 
deposits become so voluminous that the passages between adjacent boiler tubes become clogged and 
the operators are forced to shut the boilers down for cleaning.  This can also produce a condition 
called slagging, where the outer surface of an ash deposit on a superheater tube is hotter than the 
temperature at which the deposit is fully molten, and molten ash flows off the outer surface of the 
deposit.      
 
Lokare and others [22] investigated ash deposition rates for a wide range of biomass fuels and fuel 
blends in the Multifuel Flow Reactor at Brigham Young University.  One to one blends of biomass 
fuels with base fuels straw and grain screening showed lower deposition rates than the base fuels 
alone.  Differences between the deposition rates and predictions from a simple model of ash 
deposition that assumed each ash species would behave independently confirmed that there had been 
substantial interactions between the fuel components. 
 
1.5 INTRODUCTION TO HIGH TEMPERATURE CORROSION MECHANISMS IN 

SUPERHEATER ALLOYS 
 
1.5.1 Rate Limiting Steps 
 
When a superheater alloy is heated in a simple oxidizing environment, an oxide film thickens on its 
surface and progressively isolates the alloy from its environment.  If the oxide remains crack-free and 
stable, the rate of reaction is often inversely proportional to the oxide thickness.  This “parabolic rate 
law” is analogous to transport of heat through a metal plate (inversely proportional to the thickness of 
the plate).  The parabolic rate law arises when the rate of an oxidation reaction is limited by ionic 
diffusion through a thickening oxide film [162].  Although electrons must also move across the film 

                                                 
5 The few cases where biomass fuel boiler superheater tubes have suffered internal (steam side) corrosion have been traced 
to operational errors that have allowed either oxygenated feedwater to cause pitting or contaminated feedwater to cause 
stress-corrosion cracking. 
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to sustain the oxidation process, most metal oxides (with the notable exception of Al2O3 
6) are good 

electronic conductors, leaving ionic diffusion through the semiconductor oxide “electrolyte” between 
the tube alloy and its environment as the rate limiting step.          
 
Although this simple model of oxidation first laid out by Wagner in 1933 [162] applies to pure 
metals, alloy oxidation is more complex.  When an alloy is first exposed to an oxidizing environment, 
all the metal atoms on its surface will tend to be oxidized.  To the extent that these oxides form a 
barrier to further oxidation, subsequent reactions will oxidize only the most reactive elements in the 
alloy, such as chromium and aluminum.  However, homogenization of the corrosion product by 
thermal interdiffusion will produce solutions of the less reactive elements in the oxide of the more 
reactive elements.  The minor constituents in the surface oxide alter the corrosion rate by acting as 
dopants in the semiconductor oxide and changing the diffusion rates of anions and cations across this 
oxide.  Sharp has shown that these effects explain relative oxidation rates in simple iron-chromium-
nickel alloys [87].  Addition of nickel first increased, and then decreased, the oxidation rate of iron-
chromium alloys.  This was explained as follows.  Cr2O3 has a minimum conductivity when it 
contains 4 m/o Fe2O3.   Dissolving divalent Ni2+ into the n-type Cr2O3 formed on Fe-18Cr-Ni alloys 
when the Cr2O3 contains > 4 m/o Fe2O3 increases the anion defect concentration, increasing 
compressive stresses in the oxide so that it blisters and cracks, forming local (Cr,Fe)3O4 spinels.  
Alloys that contained much more nickel, also contained < 4 m/o Fe2O3

7 in the initial Cr2O3 film, 
which was therefore a p-type semiconductor.  Dissolving divalent Ni2+ into this p-type Cr2O3 reduced 
its defect concentration and the reduced corresponding oxidation rate of the alloy.  Oxide defect 
structures do not only determine the effect of alloying elements.  They also change in the presence of 
temperature gradients, and accelerate corrosion rates in temperature gradients compared to corrosion 
rates under isothermal conditions, as we will see in Section 4.3.1 [144].  
 
Although the primary method of controlling high temperature oxidation is to add alloying elements 
that produce oxides with low ionic conductivity, some potentially beneficial additions may embrittle 
the alloy (e.g. silicon) or be prohibitively expensive (e.g. rare earth metals such as cerium or yttrium). 
 However, small additions of these elements can nucleate subscale oxide barriers that slow the rate of 
Cr2O3.  Small concentrations of aluminum offer the same type of protection, by forming oxide 
particles that gradually spread across the scale/alloy interface to reduce the rate of subsequent 
reactions.  The role of alloying elements will be discussed in the next section. 
 
Alloy grain boundaries have imperfect lattice structures that allow much more rapid diffusion of 
atoms than can occur in the bulk of the alloy.  For this reason, the initial oxidation rate at grain 
boundaries is typically higher than in the grain centers.  Whether the oxide at the grain boundary 
becomes more or less protective as a result, depends on the composition of the oxide that is produced 
and the extent to which it inhibits the easy inward diffusion of corrosive species down the grain 
boundary.  Yttrium additions appear to inhibit this rapid diffusion in the imperfect grain boundary 
structure.  Yttrium and cerium additions also increase the adhesion of Cr2O3 and Al2O3, thereby 
increasing resistance to spalling during thermal cycling. 
 
Another important factor in the ability of an oxide to protect a metal substrate is the ratio of the 
volume of the oxide formed to the volume of metal consumed to form it.  If the oxide has a much 
higher volume than the metal that formed it the oxide it likely to blister, crack or spall to relieve the 
stress, especially under thermal cycling conditions.  Also, if the oxide volume is less than the volume 

                                                 
6 Al2O3 is an electrical insulator and its resistivity increases with purity.  Its low electronic conductivity gives rise to inverse 
logarithmic oxidation rates that rapidly stifle oxidation rather than parabolic oxidation rates.   
7 Interestingly, the Fe 16-19%Cr 400-series ferritic stainless steels produce oxides with compositions very close to this 
diffusion rate minimum. 
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of metal consumed, tensile stresses produce cracks that make the oxide non-protective.  The ratio of 
oxide volume to consumed metal volume is known as the Pilling-Bedworth ratio, after the researchers 
who first demonstrated this classification [161].   
 
1.5.2 Effects of Alloying Elements 
 
Stott has documented the effects of common alloying additions to high temperature alloys based on 
iron, nickel and cobalt [85].  Chromium oxide (Cr2O3) provides reasonable protection in air or oxygen 
at temperatures up to about 900°C (1652°F) above which it reacts to a higher oxidation state and 
volatilizes as CrO3.  For applications at these temperatures, aluminum or silicon is added to the alloy 
to form a healing layer of Al2O3 or SiO2 at the metal/scale interface.  To form Al2O3 scales on Fe-Al, 
Ni-Al or Co-Al materials, the alloy needs to contain 6-12% of aluminum.  The addition of an element 
such as chromium that produces an oxide of intermediate stability and enables Al2O3 to form on 
alloys that contain less aluminum.  For example Fe-15% Cr alloy can establish an Al2O3 layer with 
the addition of only 3-4% aluminum.  Silicon additions to Fe-Cr alloys form internal oxide particles 
that can grow and coalesce into a healing layer, but silicon is less effective in this regard than 
aluminum.  For example Fe-15-30%Cr-Si alloys initially form Cr2O3, but this gives way to an outer 
layer of iron oxides, an inner Cr2O3 scale and a healing layer of SiO2 at the alloy/scale interface.  Stott 
also notes that the differential thermal expansion stresses that produce spalling of oxides are more 
severe on austenitic than on ferritic alloys and more severe with Al2O3 scales than with Cr3O3 scales.  
Alloying elements such as Mn, Ti, Mo, Nb have lesser effects on the oxidation of Cr2O3-forming 
alloys and this is also discussed [85]. 
 
1.5.3 Effects of Sulfur  
 
The corrosive effects of sulfur gases on boiler tube alloys depend largely on their oxygen 
concentration [163].  Although sulfide scales may be formed in reducing (air-deficit) combustion 
environments, SOx gases form only oxides.  In coal-fired boilers the presence of sulfur gases 
substantially increases the corrosion rate.  Ni-Cr alloys are more resistant than Fe-Cr alloys because 
they show less tendency to form low melting temperature metal-metal sulfide eutectics.  This will be 
discussed in more detail with regard to corrosion in gas turbines in Section 3.   
 
Boiler fuels that release sulfur gases almost always also produce fly ash deposits on the fire side of 
the tubes.  In coal-fired boilers the most corrosive components of these ash deposits are alkali metal 
sulfates, pyrosulfates and chlorides.  Corrosion by coal ash components in the highly oxidizing 
environment created by combustion gases containing sulfur is very complex.  In biomass boilers, 
alkali chlorides are the most aggressive species.  Sulfur compounds are often added during the 
combustion of biomass in order to convert alkali chlorides to less corrosive alkali sulfates.        
 
1.5.4 Effects of Chlorine  
 
Sodium chloride is present in the ashes of some coals (particularly bituminous or brown coals), 
usually with sodium sulfate.  Many of the corrosion challenges posed by biomass fuels arise from the 
significant alkali chlorides contents.  Fundamental studies of superheater corrosion mechanisms and 
studies of corrosion in straw-burning boilers have helped to clarify the mechanisms involved.  These 
will be discussed in Section 6.5.2.  Austenitic steels are generally more resistant than ferritic steels to 
corrosion by chloride salts [163].  Sodium chloride attack typically produces intergranular corrosion 
with an “orange peel” appearance.  At higher temperatures otherwise protective Cr2O3 can volatilize 
as CrCl3 or CrO2Cl2, and volatilization rates can be increased in the presence of water vapor. 
Volatilization effects will be discussed in more detail in Section 6.6.   Silicon additions reduce the 
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corrosion resistance of nimonic alloys, possibly by restricting the outward diffusion of chromium.  
Alloys that form Al2O3 scales are generally resistant to chloride corrosion [163]. 
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2. CORROSION IN BLACK LIQUOR RECOVERY BOILER SUPERHEATERS  
 
 
2.1 INTRODUCTION  
 
Previous research on superheater corrosion by the current research team [31] included a review by 
Kish of published research on superheater corrosion and alloy performance in current generation high 
temperature, high pressure recovery boilers.  Dr. Kish’s report8 is included as an appendix to the 
current review.  A summary of conclusions and comments from recent publications is included here.  
 
Rates of corrosion in black liquor recovery boiler superheaters increase with the temperature of the 
tubes and therefore with the final steam temperature of the unit.  Many pulp mills have installed 
boilers with low or moderate steam temperatures to avoid corrosion problems both in the reducing 
environment of the lower furnace and in the oxidizing environment of the upper furnace.  However, 
operating with a low steam temperature reduces the energy extracted from the fuel, as noted in our 
previous discussion of Rankine cycle efficiencies in Section 1.2.  Calculations by Vakkilainen [135] 
show that increasing recovery boiler steam conditions from typical current values of 80 bar (1160 
pounds per square inch (psi)) and 480°C (896°F) to 104 bar (1508 psi) and 520°C (968°F) would 
increase electrical output by about 7%. 
 
Standard textbooks (e.g. [111]) state that corrosion in recovery boiler superheaters is generally not a 
problem when the exit steam temperature is kept below about 450°C (842°F). Small temperature 
increases that raise superheater tube temperatures above the FMT of surface ash deposits can produce 
large increases in corrosion rate.  Figure 2 presents corrosion data from probe tests by Estes [118] that 
showed four- or five-fold increases in the corrosion rate of Type 310 stainless steel coupons in a 
recovery boiler superheater over a 3°C (5oF) increase in metal temperature. 
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Fig. 2. Temperature dependence of corrosion of Type 310 stainless steel exposed for 3 days in a 
recovery boiler superheater. 

 
Most operators establish their steam temperature so as to keep the temperature of fireside ash deposits 
comfortably below their melting point [112-115]. Kish notes that today’s recovery boilers operate 
with steam temperatures up to about 500°C (932°F).  Mäkipää and others suggest that the maximum 
temperature for recovery boiler superheater alloys will probably be about 525°C (977°F) [114].  

                                                 
8 Pages 53 to 59 of reference [31] 
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Clement and Grace have made a very comprehensive review of superheater design and performance 
in recovery boilers, paying particular attention to issues raised by high temperature and high pressure 
operation.  Their first paper [137] discusses the history of superheater development, design and 
metallurgy, and notes that most of the experience with high temperature and high pressure boilers 
comes from Finland and Japan.  They recommend that at least two stages of attemperation be 
installed in superheaters designed to operate at temperatures above 482°C (900°F).  In their second 
paper Grace and Clement reported a survey of failures in superheaters of North American recovery 
boilers [138].  The greatest causes of superheater failure were fatigue cracking, corrosion thinning 
and tie failures.  Fatigue cracking and tie failures occur at antinodes where vibrating tubes are 
constrained.  Thermal fatigue cracking is typically caused by large and sudden heating and cooling 
cycles.  Fireside attachments to composite tubes are particularly vulnerable.  In high temperature 
recovery boiler superheaters, corrosion thinning is the predominant failure mechanism.  This is 
typically most severe at the front corner of the bottom bends of the tubes in the hottest platens9.  
Clement and Grace recommend that the chlorine concentration in the black liquor solids should be 
kept below 0.5% to reduce plugging and increase superheater life.  Tie failures, tube warpage and 
short term overheat can be avoided by careful startup procedures.  With regard to fouling, only about 
half the North American recovery boiler fleet can operate for a year without shutting down to remove 
fouling deposits with a water wash or a chill and blow.    
 
2.2 PARTICLE CARRYOVER AND STICKY DEPOSITS 
 
The volume of particles carried over in a recovery boiler increases when the firing load is increased, 
when the flue gas velocity is high, and when the char bed is hot.  High loads and high flue gas 
velocities increase the carryover of unburned liquor particles.  Inadequate addition of combustion air 
(i.e. from secondary and tertiary air ports) makes it more likely that the carryover particles will be 
incompletely burned.  Tran has shown that these incompletely burned liquor particles can destabilize 
protective oxides and initiate corrosion on the windward side of superheater tubes [40].   
 
Particle carryover can be reduced by adopting high-solids firing methods which produce larger liquor 
spray droplets.  However, high-solids firing also increases the production of small fume particles by 
increasing the bed temperature.     
 
Superheater deposits in Kraft recovery boilers consist primarily of sodium sulfate and sodium 
carbonate, but potassium salts including chlorides and sulfides may also be present.  These deposits 
usually melt over a wide temperature range because they are complex mixtures.  Their first melting 
temperature (FMT) depends on the liquor composition and firing practice, but is generally between 
520 and 580°C (968 and 1076°F).  Hupa and others [39] have shown that the critical parameters 
governing superheater fouling and corrosion are the sticky temperature (when 15% of the deposit on 
the tube surface is molten) and the flow temperature (when 70% of the outermost deposit is molten so 
that no further thickening can take place).  Field studies have shown that particles carried over in 
recovery boiler flue gases do not stick onto tube surfaces in their path unless their liquid content 
exceeds about 15%.   
 
Tran, Backman, Hupa and others have made detailed studies of the relationship between the 
compositions of recovery boiler deposits and their sticky temperatures [117].  If the particles are 
sticky at the operating temperature of the superheater tubes, deposits can build up rapidly.  The 
thicker the deposit, the higher its fireside temperature, and the more likely it will be to attract 
additional deposits.  Sticky deposits can bridge the gaps between adjacent tubes and block the 
                                                 
9 These bottom bends experience not only the highest heat flux but also erosion from particles entrained in the flue gases 
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passages between adjacent superheater tube platens.  This diverts all the flue gases though the 
remaining unblocked passages, causing excessive heating of the tubes in these so-far-unblocked 
passages.  In extreme cases, overheating of the tubes in the unblocked passage can melt their fireside 
deposits and plug the whole upper furnace.  To avoid pluggage problems, recovery boiler operators 
can monitor tube temperatures at the discharge of each platen to be sure that they are safely below the 
FMT.  Additional safeguards include monitoring the composition of the black liquor solids and 
maintaining the efficiency of the soot blowers.   
 
2.3 CORROSION RESISTANCE OF CANDIDATE ALLOYS 
 
The corrosion resistance of alloys in recovery boiler superheater environments depends on the 
gaseous and solid chemicals that are present in the flue gas.  If the flue gas was simply hot air, and if 
molten deposits and unburned liquor particles were not present, rates of superheater corrosion would 
depend only on the tube temperature.  The corrosion rate would be controlled by the transport of 
reagents through the thickening oxide scale on the fireside of the tubes.  But in fact deposits are 
present and the fuel gases can contain corrosives such as SOx, Cl2 and HCl [112].  In such cases, or 
when tube temperatures are too high for corrosion rates on unalloyed carbon steel to be manageable, 
superheater tubes need to contain alloying elements that form oxides that are adherent, coherent and 
have lower ionic diffusion coefficients. Chromium is the most important alloying element.  Although 
chromium initially oxidizes more rapidly than iron, chromium oxides are much more protective than 
iron oxides.  Commonly used recovery boiler superheater tube materials, in order of increasing 
corrosion resistance, are as follows: 

 
Carbon steel 
T11 steel (1.25% Cr, 0.5% Mo) 
T22 steel (2.25% Cr, 1% Mo) 
Type 304 (19% Cr, 10% Ni) and Type 347H stainless steel (19% Cr, 11% Ni, 0.5% Nb) 
Alloy 310 (25 % Cr, 20% Ni) and Alloy 28 (27% Cr, 31% Ni, 3.5% Mo) 

 
The ferritic steels T11 and T22 are only useful at temperatures significantly below the FMT.  At 
temperatures close to the FMT, austenitic 300-series stainless steels have been successful.  For 
temperatures at or just above the first melting point of deposits, iron-nickel-chromium alloys (e.g. 
Alloy 800H) and nickel-chromium-molybdenum alloys (e.g. Alloy 625) have been used with mixed 
success. However, no alloys have yet been found that would enable recovery boilers to operate with 
steam temperatures high enough to achieve fuel energy efficiencies comparable to those of coal-fired 
utility boilers.   
 
Because the austenitic stainless steels would be vulnerable to waterside stress-corrosion cracking if 
feedwater contaminated by chlorides entered the superheater, some mills prefer to avoid the use of 
solid austenitic superheater tubes.  Composite superheater tubes with a Type 310 stainless steel outer 
layer over a pressure-bearing SA-213T22 inner tube achieve this goal.  Mills more confident in their 
water quality choose less expensive solid tube materials like 347H.  The author has overseen 
successful installations of both solid Type 347H and co-extruded 310 over T-22 recovery boiler 
superheater tubes.  
 
Kish’s review documents field experience with stainless steel and nickel-based alloy tube materials in 
recovery boilers.  A 1982 Finnish study [119] found corrosion rates of about 0.1 millimeter 
(mm)/year (0.004” per year) on Types 304, 304L, 321 and Type 347 stainless steel.  There were no 
significant differences in corrosion rate between these alloys.   
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Next generation high temperature/high pressure recovery boilers developed in Japan and Finland are 
being built with more advanced superheater alloys.  The latest recovery boiler superheater alloy 
developed in Japan, MN25R, contains 25% Cr, 15% Ni, Mo, up to 1.5%Si, and N [120].  Laboratory 
and field testing in Finland have evaluated alloys such as 347H, AC-66, Alloy 28, HR-11N, Alloy 
625 and Alloy 67.  At temperatures above the FMT the corrosion rates of these alloys accelerate to 
rates that seem to depend on the percentage of molten phase in the surface deposit.  The pitting and 
intergranular nature of the corrosion is consistent with a mechanism involving molten chloride-
containing salts on the surface of the alloy.  Alloying with chromium increases corrosion resistance, 
particularly if molybdenum and nitrogen are also present.   
 
Kish reviewed experience with alloys used to replace corroded superheater tubes (i.e. Types 304 and 
347H stainless steel, composite Type 310-clad T-22 and Incoloy 800H).  He found documented cases 
of accelerated corrosion of all these alloys, with the exception of Alloy 28, in lower superheater tube 
bends. 
 
Kish concluded that corrosion rates of superheater alloys below the FMT are less consistent than 
corrosion rates above the FMT.  Although the role of chlorine seems to be pre-eminent, it is difficult 
to compare field data from different research groups because the boiler environments are rarely well-
characterized.  Laboratory test data are also difficult to compare, because different researchers use 
different experimental methods.  For example few researchers have controlled the partial pressure of 
steam in the test environment although soot blowers clearly produce cycles of increased water vapor 
in superheater environments and water vapor has been shown to increase the corrosion of nickel-
chromium alloys in simulated low-NOx coal-fired boiler environments [76, 77]. 
 
Vakkilainen [67] has reviewed alloys that could be useful for recovery boiler superheaters operating 
at temperatures of above 500°C (932°F).  His candidate list includes Type 347H and 310stainless 
steels, grades HR2M and HR3C from Sumitomo and YUS 170 from Nippon Steel and the Sanicro 
alloys 28, 63, 67 and Super 62510.  For coatings, Vakkilainen suggested WSI’s weld-applied Unifuse 
310 or 52 alloys.  
 
Skrifvars, Westén-Karlsson, Hupa and Salmenoja [73, 74] recently reported laboratory tests of six 
candidate alloys for recovery boiler superheaters.  In the first part of the study [73], mixtures of 
Na2SO4, K2SO4 and NaCl, chosen to have FMTs ranging from 522 to 884°C (972 to 1623°F), were 
applied to the six alloys in one week tests at 450 to 600°C (842 to 1112°F).  The weight percentage of 
the molten portion of each mixture had previously been measured as a function of the exposure 
temperature.   
 
The alloy samples (T-22, T-91, Esshete 1250, Sanicro 28, HR11N and Sanicro 63) were pre-oxidized 
in air for 24 hours at 200°C (392°F).  Additional tests were performed without the salt layer.  The 
thickness of the corrosion layer was evaluated by automated image analysis.  Pure Na2SO4 deposits 
corroded only the lowest alloy (T-22).  When even 0.3 w/o chlorine was added, corrosion began 
below the FMT on T-22, T-91 and Esshete 1250.  Additions of 1.3 w/o chlorine initiated corrosion 
below the FMT on Sanicro 28.  Substituting 10 w/o potassium for sodium in the 0.3 w/o chlorine salt 
substantially increased the thickness of the corrosion layer.  Corrosion product thicknesses produced 
in tests ranging up to 5 weeks showed corrosion rates slowing with test duration although the data 
were somewhat scattered.  A series of tests on a single steel at a single temperature (530°C; 986°F) 
showed that the thickness of the corrosion product increased as the salt contained a greater percentage 
of molten phases.   

                                                 
10 For completeness, the Mitsubishi Heavy Industries alloy MN25R could be added to this list.  Mitsubishi has said that this 
alloy may be suitable for temperatures of up to 540°C (1004°F) [137] 
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The second part of the study by Skrifvars, Westén-Karlsson, Hupa and Salmenoja [74] reported 
laboratory studies to investigate corrosion of superheater alloys T-22, Esshete 1250, and Alloy 625 
under synthetic alkali chloride deposits.  The authors concluded that one-week laboratory tests were 
sufficient to show differences in corrosion resistance of substrate materials and of applied salts.  The 
influence of chloride on corrosion depended on whether or not the added chlorides brought the FMT 
below the surface temperature of the test sample.  Chlorine-containing Na and K salts produced 
molten deposits that corroded all the steels at temperatures above the FMT.  These chlorine-
containing salts also corroded T-22 and Esshete 1250, apparently by solid state reactions, at 
temperatures below the FMT.  These two steels that corroded showed indications of iron 
volatilization, possibly as iron chloride, which produced porous condensed iron oxide deposits on the 
outside of the oxide layer and of salt particles.  At 575°C, indications of condensed chromium and 
nickel oxides were also found in tests on Alloy 625.  Chlorine-free Na and K salts did not corrode any 
of the steels.  Alloy 625 proved the most corrosion resistant of the alloys tested.  Skrifvars’ 
experiments [74] were made in an air environment without added water vapor.  Data from Chalmers 
University of Technology suggest that environments without water vapor are likely to underestimate 
the corrosion in real environments, because water vapor increases the volatilization of chromic oxide. 
  
 
2.4 CORROSION CONTROL STRATEGIES 
 
In 2001, Salmenoja and Turiemo [136, 115] made a thorough review of the combustion processes and 
of the corrosion mechanisms that need to be understood in order to control superheater corrosion in 
recovery boilers.  Their papers include data showing that corrosion rates in superheater environments 
begin to increase at temperatures at least 50°C (120°F) below the FMT of tube deposits.  Accelerated 
corrosion below the FMT has been studied in other types of boilers and also in gas turbines, where it 
is referred to as Type 2 hot corrosion (see Section 3.2).  However, the accelerated corrosion could 
also be an artifact of deposit sampling.  The authors caution that deposit sampling procedures can 
allow sulfides to become oxidized to sulfates, which leads to overestimation of the FMT.  This is 
important because it shows that conventional measurements of the FMT of recovery boiler fly ash 
may not provide reliable predictions of the onset of rapid superheater corrosion.   
 
The fact that solid salt deposits accelerate corrosion at temperatures blow the FMT [73] suggests that 
the active oxidation mechanism can be initiated by as little as 0.3% chloride, particularly if potassium 
is present. It is possible that the fluxing of Cr2O3 to form K2CrO4 or Na2CrO4 may allow chlorine to 
reach the alloy surface.  Skrifvars points out that the sensitivity of the corrosion rate to very low 
concentrations of chlorine in salt deposits represents a major challenge to pulp mills that plan to purge 
chlorides from liquor systems in order to raise steam temperatures [73].    
 
Once its recovery boiler is built and its liquor system and load have been established, a pulp mill has 
few options to reduce rates of superheater corrosion.  The FMT of fly ash deposits can be raised by 
reducing the chloride and potassium content of the black liquor, e.g. by reducing the amount of 
chloride-bearing bleach plant wastes recycled to the black liquor or by increasing the purging of 
recovery boiler precipitator catch.   Unfortunately, both these options carry financial penalties.  
Therefore, setting the maximum superheater steam temperature becomes a compromise between 
wasting fuel energy, risking pluggage that will shut down the unit, and creating conditions that will 
cause rapid corrosion of the superheater tubes.  Recovery boiler operators have historically accepted 
the loss of fuel efficiency caused by low steam efficiency in order to keep well away from superheater 
pluggage and corrosion problems.  However, increasing concern about fuel efficiency (described in 
Sections 1.1 and 1.2) has promoted research to overcome the barriers presented by fouling and 
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corrosion.  Biomass boiler additives have been developed to increase the FMT of superheater deposits 
by changing their composition, new boiler designs have been developed to remove the superheater 
from the flue gases and new alloys that might resist the corrosive environment have been developed.  
The remainder of this report will discuss options like these as well as opportunities to use more 
corrosion-resistant alloys.  
 
2.5 SUMMARY 
 
Finnish and Japanese researchers have concluded that tube temperatures above the FMT produce such 
high corrosion rates that superheater corrosion control should focus on the removal of the corrosive 
materials from the liquor cycle.  The boiler manufacturers add systems to remove corrosive materials 
from the liquor cycle rather than designing the superheater to operate at temperatures above the FMT 
of fly ash deposits.  For example, several Japanese mills remove chloride and potassium by selective 
dissolution and precipitation [120].  Part of the precipitator catch is added to water at 40-45°C (104-
113°F).  This dissolves all the K2SO4 and NaCl and some of the Na2SO4.  When ice is added to cool 
the solution to 15°C, Na2SO4·10H2O crystallizes and can be separated from the solution that remains 
enriched in potassium and chloride.  This process can halve the concentration of potassium and 
chloride in the precipitator catch.  Reducing the concentration of these elements in the liquor cycle 
reduces the likelihood of sticky deposits and superheater corrosion. 
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3. CORROSION IN Na2SO4-NaCL GAS TURBINE ENVIRONMENTS, ESPECIALLY NEAR 
AND ABOVE THE FIRST MELTING TEMPERATURE OF DEPOSITS 

 
 
3.1 INTRODUCTION TO GAS TURBINE MATERIALS 
 
Gas turbine environments present one extreme environment for high temperature alloys.  Like the 
steam-raising boilers discussed in the rest of this report, gas turbine designers want to increase 
operating temperatures to achieve greater fuel efficiency.  However, gas turbine alloys need to retain 
their strength at even higher temperatures than boiler tubes.  Because turbine blades do not need good 
thermal conductivity, they are made with insulating coatings and internal cooling.  This enables the 
turbines to operate with combustion temperatures that are well above the melting point of the alloys 
used for engine parts.  The high temperature creep resistance and corrosion resistance of the blade 
alloys are maximized by alloying and their directional properties are improved by directional 
solidification or single crystal formation.  Typical alloys are nickel-based with 10-15%Cr; 8-10%Co; 
3-12% Al; 2-8%W; 1-2%Mo; 1-4%Ti, Si, Ta, Re, Hf, Nb, Y.  A thermal barrier coating is applied to 
the surface of the turbine blade or guide vane and air or steam flows through internal channels for 
cooling.  The ceramic thermal barrier coating is attached by a bond coat which both provides 
oxidation protection and hinders the outward diffusion of substrate atoms.  Bond coats may be 
aluminides, aluminides with a 5-10 μm sub-layer of platinum, or MCrAlY11 materials in which 
aluminum and chromium provide corrosion resistance and the yttrium increases the adherence of the 
coating to the substrate.  The ceramic barrier coating is typically a material like Y2O3-stablized ZrO2.  
This can be applied by chemical vapor deposition (CVD), sputtering, plasma spray or physical vapor 
deposition.   
 
3.2 CORROSION IN GAS TURBINE ENVIRONMENTS 
 
The gas turbine alloy technology described above has been developed in light of an understanding of 
the corrosion mechanisms produced by fuel impurities such as sulfides and chlorides [152].  Sulfur 
from the fuel reacts with sodium chloride from ingested air to form corrosive sodium sulfate deposits. 
 To minimize sodium sulfate formation, the sulfur content of jet fuel is generally limited to 0.3 w/o.  
Where corrosion occurs, it appears as an outer layer of porous oxides over a Cr-depleted matrix that 
contains Cr-rich sulfides.  Corrosion by molten sodium sulfate, known as Type 1 hot corrosion, 
occurs between the melting point temperature and dew point temperature of Na2SO4, i.e. between 
about 800 and 950°C (1470 to 1740°F).   
 
Type 1 corrosion depends on the solubility of the oxide formed on the alloy in molten Na2SO4 [153].  
Thermochemistry studies of the oxide solutions have been used to develop phase stability diagrams 
showing the solubility of the various metal compounds in Na2SO4 at various temperatures in plots 
similar to the Pourbaix diagrams developed for aqueous solutions [86].  The solubility of most oxides 
in molten Na2SO4 depends on the activity of the Na2O in the Na2SO4 (which is generally proportion to 
the SO3 concentration).  The oxide dissolves either by an acidic or basic dissolution mechanism, 
depending on the basicity of the salt.  For example nickel is dissolved by acid fluxing as Ni2+ ions: 
 

NiO + Na2SO4 → Ni2+ + SO4
2- + Na2O 

 
and by basic fluxing as NiO2

2- ions: 
 

                                                 
11 M is used to designate a metal. 
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NiO + Na2SO4 → 2Na+ + NiO2
2- + SO3 

In acid fluxing the NiO dissolves by giving up oxide ions while in basic fluxing it dissolves by 
accepting oxide anions.  A graph of oxide solubility versus salt basicity (-log aNa2O) shows a minimum 
where the acidic and basic dissolution curves intersect.  In reality, the reactions are more complex.  
Oxides on alloys contain multiple constituents, each with its own solubility as a function of basicity.  
Some corrosion processes will produce sulfides that can subsequently oxidize.    
     
In some cases, NaCl can be present in the Na2SO4 deposits.   For example sea water aerosols may be 
ingested into gas turbines used in marine environments.  Chlorine adds two types of problems [153].  
Parts per million concentrations of chlorine can make Cr2O3 and Al2O3 scales more likely to crack or 
spall while larger concentrations of chlorine can degrade M-Cr-Al-Y alloys rapidly by an active 
oxidation mechanism. 
 
The practical consequence of these hot corrosion reactions is that corrosion rates in gas turbines are 
very sensitive to the concentration of SO3 and NaCl in the combustion gas environment.  Readers are 
referred to standard texts [151,153] for more information.   
 
Accelerated corrosion can also occur below the apparent deposit melting temperature.  This is called 
Type 2 hot corrosion and occurs in the presence of small concentrations of SO3 at temperatures 
between about 700 and 800°C (1290 and 1470°F).  Type 2 hot corrosion is referred to by some 
authors as gas-phase-induced acidic fluxing [153].  It appears to occur when the formation of Cr2O3 
or Al2O3 is inhibited by the formation of NiSO4-Na2SO4 or CoSO4-Na2SO4 eutectics [151].  Luthra 
and Shores [51] reported that the SO2 concentration required to form liquid Na2SO4-NiSO4 on NiO 
was 5x 10-4 atmospheres at 750°C (1382°F), but that the Na2SO4 – 38%NiSO4- eutectic has a melting 
point as low as 671°C (1240°F).   
 
Beltran and Saegusa reported tests of candidate alloys for gas turbines in Type 2 hot corrosion 
environments [52].  The test environment contained 76% O2, 0.15% SO2 (balance N2) and deposits 
were applied in an aqueous Na2SO4 mist containing 1 mole% PbSO4 and 15 mole% of K2SO4.  The 
most corrosion-resistant materials were Inconel alloys 671, 718 and 617.  Pitting corrosion eventually 
gave way to the formation of a multilayered non-adherent surface oxide.  Co-based alloys had lower 
corrosion resistance than Fe- or Ni-base alloys. Chromium was the most beneficial alloying element, 
while aluminized diffusion coatings provided little or no corrosion protection.     
 
3.3 SUMMARY 
 
These studies of high temperature alloy-salt-gas reactions in gas turbine environments show the 
importance of reactions that dissolve protective oxides and of reactions that form low melting 
temperature eutectics.  Molten salts accelerate the degradation of corroded metals by mechanisms 
known collectively as “hot corrosion”.  These reactions have been studied in detail with relation to 
gas turbine environments, both at temperatures above the melting point of sodium sulfate (Type 1 hot 
corrosion) and at lower temperatures where gas reactions can produce alkali metal/alloy metal sulfate 
ternary eutectics (Type 2 hot corrosion).  Protection against hot corrosion can be achieved by 
operating at above the salt dew point temperature, by using high chromium alloys12 or by using 
protective metallic coatings very rich in aluminum or in aluminum and chromium [151].   

                                                 
12 Lai [152] comments that titanium additions seem to improve hot corrosion resistance while molybdenum and aluminum 
are considered detrimental. 
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4. CORROSION IN COAL-FIRED BOILER SUPERHEATERS, ESPECIALLY NEAR AND 
ABOVE THE FIRST MELTING TEMPERATURE OF FLUE GAS DEPOSITS 

 
 
4.1 INTRODUCTION  
 
The amount of electricity derived from coal burned in conventional coal-fired utility boilers depends 
strongly on their steam temperature and pressure.  Research to increase the operating temperatures 
and operating pressures of utility boilers has been a focus of research, particularly since the energy 
crisis of the 1970’s.  Other parallel initiatives have sought to reduce CO2 and NOx emissions.   
 
The main enabling technology required to build ultra-supercritical boilers to operate with steam 
temperatures of 760°C (1400°F) and steam pressures of 35 megapascals (Mpa) (5000 psi) is the 
development of stronger alloys that resist fireside corrosion at high temperatures.   
 
4.2 MATERIALS FOR ULTRA-SUPERCRITICAL COAL-FIRED POWER PLANTS 
 
4.2.1 US Research to Develop Materials for Ultra-supercritical Coal-fired Power Plants 
 
In 2001, Blough and Seitz [88] evaluated the corrosion resistance of 10 superheater alloys in a coal 
fired boiler at temperatures simulating those of an advanced-cycle coal-fired unit (620 to 727°C; 1148 
to 1341°F).  The samples were exposed on retractable probes for periods of 6 months, 15½ months 
and nearly 22 months.  Previous work had shown that Cr additions of up to 25% increased the 
corrosion resistance of the alloy.  Al and Si additions were also beneficial, but less so.  Nickel 
additions up to about 35% seemed also to be beneficial.  The wastage rate increased with increases in 
the alkali concentration in the ash and with the SO2 concentration in the flue gas.  At the highest test 
temperature the best performing alloys were HR3C, Inconel 671, Fe3Al and 253MA.  After nearly 22 
months exposure, all four of these alloys showed annualized corrosion rates of less than 0.0031" per 
year (79 microns per year) in the higher temperature tests (temperatures between 677 and 727°C; 
1250 and 1341°F).  The lower temperature tests (temperatures between 621 to 677°C; 1150 to 
1250°F) did not show significantly lower corrosion rates, probably because the molten alkali–iron-
trisulfate corrosion began to dissociate at the highest test temperatures.  Molten alkali-iron-trisulfates 
are normally stable between about 600 and 700°C (1112 and 1292°F).  
 
In 2003, Natesan, Purohit and Rink [89] evaluated the corrosion resistance of candidate alloys in coal 
ash environments.  For iron-based alloys, the corrosion rate dependence on temperature followed a 
bell-shaped curve with a peak at about 725°C (1337°F).  The actual rate depended on the alloy 
composition.  The most corrosion-resistant iron-base alloy was HR3C (Fe-25Cr-20Ni-0.4Si-Nb-N).  
Although several of the alloys had adequate corrosion resistance (corrosion rates less than about 
0.2mm per year (0.008” per year) at temperatures below the FMT of the sulfates in the coal ash 
environment13, additions of NaCl produced catastrophic corrosion at 650 and 800°C (1202 and 
1472°F).  The authors conclude that this type of fly ash composition cannot be handled by iron-based 
alloys.  Boiler operators desiring to burn such fuels should instead blend them with less aggressive 
fuels to keep the concentration of alkali sulfates and chlorides in the blended fuel below set limits.  
Nickel-based alloy candidates showed less weight loss than the iron-base alloys, but their attack was 
more localized as pitting.  The outer portion of the scale was enriched in chromium and iron, and the 
inner portion was enriched in nickel and sulfur.  The authors attributed the corrosion of the nickel-

                                                 
13 Na2SO4 itself does not melt until the temperature reaches 884°C (1623°F).   
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based alloys to Type 2 hot corrosion involving the formation of a eutectic between Na2SO4 and 
NiSO4.  This mechanism is independent of effects of NaCl on the salt chemistry. 
 
Other tests of candidate alloys under simulated fireside coal ash deposits were published by Baker 
and Smith in 2004 [93].  Twenty-eight alloys were tested at 700 and 775°C (1292 and 1427°F) under 
deposits containing Na2SO4 and K2SO4 in a gas mixture containing 1% SO2.  The average alloy 
wastage decreased as the Cr content of the alloy increased, up to about 29% Cr.  The alloys most 
resistant to corrosion in the laboratory tests were 690, 671 and 188.  In field tests in a supercritical 
coal-fired boiler, the best performers were Alloy 671, weld overlays of Alloy 52, Alloy 72 and Alloy 
740.  Alloy 740 easily met the stress-rupture criteria anticipated for 750°C (1382°F) operation.   
 
Viswanathan and others have described the U.S. program to develop materials for ultra-supercritical 
coal power plants [100].  This program addresses economics, material strength, resistance to creep 
and thermal fatigue, fireside and steamside corrosion resistance, fabricability and weldability.   
 
Reports of progress towards these national goals were published in 2005 and 2006 [100, 90].  With 
regard to creep resistance, these reports conclude that the strongest solid solution-strengthened nickel-
based alloys (e.g. the modified 617 alloy known as CCA617) could operate at temperatures of up to 
720°C (1328°F).  Age-hardenable nickel-based alloys (e.g. Inconel 740 [93]) would be required at 
temperatures above 720°C (1328°F).  Although these alloys have excellent creep resistance, their 
service temperatures are likely to be limited by other factors such as fireside corrosion, steamside 
corrosion and fabricability.  Steam side oxidation and oxide exfoliation reduce the tube cross-section 
and can cause mechanical damage in the turbine.  Also, the formation of insulating oxides increases 
the surface temperature of the tube, which will accelerate both fire side and steam side oxidation, and 
potentially cause premature creep-rupture.   
 
Because ferritic steels cannot resist corrosion in molten alkali sulfate fly ash deposits at temperatures 
above 538°C (1000°F), the hottest tubes will need to be made out of austenitic steels or nickel-based 
alloys.  Viswanathan lists 17 materials capable of operating at temperatures above 700°C (1300°F) 
and 9 alloys that might reach the goals of the US program.  Because the high strength steels available 
for waterwall tubes require post-weld heat treatment, weldable high-strength alloys clad or overlaid 
with high-chromium alloys for corrosion resistance may be more suitable.   
 
Another status report on this research program was published by Hack and Stanko in 2005 [94].  They 
concluded that commercial alloys would have had adequate corrosion resistance for ultra-supercritical 
plants burning Western coals.  However, some of the high strength nickel alloys (especially those 
strengthened by Mo) could suffer corrosion in units burning high-sulfur Eastern and Midwestern 
coals. For such applications, more corrosion-resistant coatings such as weld overlay, diffusion 
coatings or laser cladding might be required.  Units burning high-sulfur coals would probably require 
fireside corrosion protection for waterwall tubes made from 9-12% Cr ferritic steels. 
 
In related work published in 2006, Kiser, Hinshaw and Orsini [122] reviewed field experience with 
nickel-based alloys and laboratory results in a new test environment simulating low NOx combustion 
environments.  The use of low-NOx burners produced more reducing combustion gases that contain 
significant concentrations of H2S potentially residing in sulfur-rich deposits on waterwall tubes.  The 
environments are not unlike those in the lower furnace of black liquor recovery boilers, and low alloy 
ferritic steels had inadequate corrosion resistance in this environment. 
 
The low-NOx test environment consisted of the following gases: 
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Reducing Cycle: N2-16%CO2-10%H2O-5%CO-2%H2S (flow rate 500 sccm). 
Oxidizing Cycle: N2-17.2%CO2-10.75%H2O (No CO or H2S). 

 
The test consisted of repeated cycles: 4 days of the reducing cycle followed by 3 days of the 
oxidizing cycle.  The test temperature was 1000°F (1832°F) and samples were removed, cooled to 
room temperature and weighed after 500, 1000, 3000 and 9000 hours.  Tested materials included 
weld overlays ERNiCrFeAl-1 and ERNiCr-4 (Ni-39Cr-10Fe-0.5Ti) as well as a selection of high 
temperature creep resistant superheater alloys (Clad Alloy 671, Alloy 740, 310HCbN, Alloy 800, 
Alloy 825, Alloy HR120, Alloy 709, Fe3Al, Type 347HFG and Alloy 52 (ERNiCr-7)).  In 2 ½- year 
field exposures in a boiler at Niles, Ohio, the most corrosion-resistant alloys were those with the 
highest chromium contents.  The authors quoted previous research by the US Institute of Fuel 
showing that in coal ash environments the best performer was a 50%Cr, 50%Ni alloy (e.g. Alloy 
671).  The authors documented 6 case histories of the successful use of Alloy 671 as co-extruded 
tubing in power plant superheaters.  ERNiCr-4 was included because it offered the highest chromium 
content that could be applied as a crack-free weld overlay with a high deposition rate.  46,000 hours 
of exposure in a reheater environment at 649°C (1200°F) produced an annualized corrosion rate of 
only 13 microns per year (0.0005” per year) on ERNiCr-4 overlay.   
 
Gagliano, Stanko and Hack published an update on the US program to develop materials for 
advanced steam cycles in 2008 [106].  They reported research (a) to measure the fireside corrosion 
resistance and specifically the Type 2 hot corrosion resistance of alloys that have sufficient strength 
for superheater and reheater tubes in ultra-supercritical boilers and (b) to determine the fireside 
corrosion resistance of alloys, weld overlays and coatings that have sufficient strength for waterwall 
tube applications in ultra-supercritical boilers.  Controlled temperature probes, each containing 30 
ring coupons placed end-to-end, were installed in three coal-fired utility boilers.  Coupon 
temperatures ranged from 650 to 870°C (1200 to 1600°F).  Preliminary visual inspection did not 
indicate any significant metal loss.  Alloys evaluated at 650°C (1200°F) included 800HT, 740, 617, 
347HFG, 230, HR6W, HR3C, 304H, 33WO/230, and 622WO/230.  Alloys evaluated at 870°C 
(1600°F) included 72WO/230, 740, 52WO/230, HR6W, 50/50LC, HR3C and SiCr/304H.  This 
research is continuing. 
 
4.2.2 Research in Other Countries to Develop Materials for Ultra-supercritical Coal-fired 

Power Plants 
 
Masuyama has published a historical review of the evolution of ferritic and austenitic materials for 
power plants [134].  The alloys with greatest corrosion resistance under alkali sulfate deposits in 
superheater/reheater environments contained 22-27% chromium.  The alloys most resistant to 
steamside oxidation contained at least 23% chromium.  For waterwall corrosion resistance, tubes 
needed to contain at least 15% chromium.  Weldability and fabricability were also evaluated.   
 
A report from the UK’s Cleaner Coal Technology Programme [48] provides a UK perspective on the 
status of materials for advanced power generation, including materials for boilers, steam turbines, gas 
turbines and gasifiers.  With regard to superheaters, the authors conclude that steam side oxidation is 
likely to restrict the practical use of 8% Cr steels to temperatures below 600°C (1112°F).   Although 
newer ferritic steels with high creep strength may be useful in cooler parts of the steam circuits, 
boilers operating at 325 bar (4714 psi) and 620°C (1148°F) will have surface temperatures of about 
660°C (1220°F) on the final superheater tubes.   Austenitic materials such as X8CrNiMoNb1616 
(16Cr-16Ni-1.8Mo, 0.5Si, Nb), X8CrNiMoVNb1613 (16Cr-13Ni-1.5Mo, 0.5Si, Nb, V) and 
X3CrNiMoNb1713 (17Cr-12Ni-2Mo, B) have adequate creep strength 70-80°C (160-175°F) above 
the temperature limit of the current 12% Cr steels (such as X20CrMoV121).  The corrosion resistance 
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of these austenitic steels rises as their chromium content increases, until the chromium content 
reaches about 30%.  A 20% Cr steel corroded at about one third the rate of a 15% Cr steel under the 
same conditions.  Fine-grained steels 347HFG and Super 304 have adequate creep rupture strength to 
about 650°C (1202°F), but their corrosion resistance becomes inadequate at temperatures above 615-
620°C (1140-1148°F).  Alloys NF709 and HR3C show promise, but had creep rupture data for only 
30,000 hours at the time the report [48] was written.  For superheater tubes operated with metal 
temperatures approaching 700°C, improved versions of alloys such as NF709, AC66, HR3C and 
HR6W will be needed to limit the steam side oxide thickness.   
 
Other studies of steamside oxidation were made in Denmark.  Hansson, Korcakova, Hald and 
Montgomery [28] reported the long term steam-side oxidation of Type 347HFG at ultra-supercritical 
temperatures in a Danish coal-fired power plant.  Steam oxidation formed a double-layered oxide.  At 
temperatures below 585°C (1085°F), the inner Cr-containing layer contained regions of mixed 
(Fe,Cr,Ni)3O4 spinels in a matrix of mixed (Fe,Cr)2O3 sesquioxides.  At higher temperatures, almost 
all the inner oxide was the mixed sesquioxide, apparently because increased rates of ionic diffusion 
increased the availability of Cr to form more protective oxides. 
 
Montgomery and others [29] later applied analytical methods developed to understand corrosion and 
to project service life in straw-fired boilers to evaluate the performance of test sections of 9-12% Cr 
martensitic steels welded into coal-fired boilers at Armager 3 and at Avedøre 1 in Denmark.  The 
authors found that their interpretation of field data from test tubes is hindered by a lack of detailed 
information about the temperature history of the specimens analyzed.  Fireside corrosion rates of the 
new high temperature creep-resistant steels T-92 and HCM12 were comparable with those of T-91.  
HCM12 showed high oxidation rates after 85,000 hours (nearly 10 years) service.       
 
4.3 EFFECT OF CHLORINE IN COAL ON BOILER CORROSION  
 
Although chlorine has not been shown to cause systematic increases in corrosion in coal-fired boilers 
in the US, some correlation between coal chlorine and high temperature corrosion rates has been 
reported in the UK [140] (Figure 3) [147].   
 

 
 

Fig. 3. Empirical relationship between high temperature corrosion rate and coal chlorine. 

 



 

21 
 

James and Pinder have reviewed the impact of fuel chlorine on fireside corrosion of boiler tubes 
[145]. This comprehensive review of several decades of research notes that many of the worsening 
fireside corrosion problems in UK power stations in the 1960’s and 1970’s were attributed to changes 
in coal composition, especially the fuel chlorine content.  Chlorine-related corrosion problems 
reported from the UK encouraged US utilities to enforce a chlorine maximum of 0.25% or 0.3%.  
Chou and others [124] noted that many US manufacturers recommend maximum coal chlorine 
concentrations of 0.3%, based on the British correlations, despite the fact that chlorine-related 
corrosion had not been observed with high-Cl Illinois coals.  Chou used corrosion probes and 
measurements in a pilot burner rig to compare corrosion produced by high-Cl fuels from the UK and 
Illinois and a low-Cl Illinois coal.  However, the corrosion rates were not correlated with the coal 
chlorine concentrations.  Similarly, Plumley and Roczniak’s short term corrosion tests in a high 
chloride coal [53] showed rather slow corrosion rates except on Inconel 617.  The best performer was 
Inconel 690 (Ni -27-31%Cr–7-11%Fe). Chou and others [124] concluded that the different 
observations in the UK and the US might have arisen from the use of different tube operating 
temperatures in the two countries.   
 
James and Pinder’s tabulation of chlorine and sulfur concentrations in coals delivered to two UK 
power stations between 1992  and 1994 shows that UK fuels generally have higher Cl (0.2 to 0.5%) 
and lower S (1.5 to 1.9%) concentrations than fuels burned in other countries.  The consequent 
superheater/reheater corrosion appears as wastage flats at 2 and 10 o’clock related to the gas flow at 
12 o’clock.  The wasted surfaces have either an “orange-peel” appearance or fine and predominantly 
transverse “alligator hide” craze cracking, but not as the smooth ash-free surfaces characteristic of 
erosion damage.  Tube attachments and support lugs increase local heat input and therefore serve as 
preferred sites for ash deposition.  Thinning rates of up to about 25nm/h (0.0086” per year) can be 
tolerated within the design life of the tubing.  The scale on corroded tubes is mostly Fe3O4, containing 
“pancakes” of Fe- or Cr-sulfides oriented parallel to the tube surface. The ash layer outside the scale 
typically appears to have been molten and consists of alkali metal sulfates with a K/Na range between 
2/1 and 1/1.  The outer layer is mostly Fe2O3 mixed with ash deposits.  Even when relatively high 
chlorine fuels are being burned, the scale and deposit contains very little chlorine.  Such chlorine as is 
present is concentrated at the scale/metal interface.   
 
James and Pinder state that fireside corrosion by molten alkali sulfates is accelerated by SO3 as 
follows: 

M2SO4 + SO3 → M2S2O7 

 
Free SO2 in this molten pyrosulfate reacts with iron oxides to form alkali metal trisulfates: 
 

Fe2O3 + 3SO3 → Fe2(SO4)3 
or Fe2O3 + 3M2SO4 + 3SO2 → 2M3Fe(SO4)3 

 
Alkali metal trisulfates have frequently been found in deposits on corroded superheater tubes.  The 
dissolution of iron sulfates depresses the melting temperature of sodium-potassium sulfates from 
823°C (1513°F) to about 550°C (1022°F), which is within the operational range of 
superheater/reheater tube temperatures of UK pulverized coal boilers that operate with final steam 
temperatures of 568°C (1054°F).    
 
When superheater tubes are operated at temperatures below 550°C (1022°F), the ash deposits and 
corrosion products are porous solids that allow flue gases to access the tube metal surface.  At higher 
tube temperatures Na2SO4 and K2SO4 deposits formed upstream in the boiler accumulate on the 
windward side of the tubes and condense at the base of the alumino-silicate deposit.  If the tube 
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temperature exceeds the FMT of the deposit, the corrosion rate increases rapidly.  At still higher 
temperatures, the alkali iron trisulfates decompose and the corrosion rate reduces to that caused by the 
gaseous species in the flue gas.  Rates of corrosion produced by these trisulfates show a bell-shaped 
relationship with the tube temperature.   
 
Associated studies in the UK14 developed an empirical correlation between the chlorine content of the 
coal and superheater corrosion rates, as follows: 
 

Corrosion Rate (nm/h) = A · B· {Tg/1000}a · {(Tm – 550)/100}b · {Cl - 0.06} 
 
Pinder and James observe that the reasons for the correlation between corrosion rate and chlorine 
content are not well understood.  The chlorine does not seem to facilitate alkali metal release or to 
cause gaseous corrosion directly. 
 
Ferritic superheater materials in UK power station superheaters are limited to temperatures below 
about 580°C (1076°F) to maintain tolerable corrosion rates.  James and Pinder’s attempts to correlate 
corrosion rates with fuel composition in this lower temperature range were not successful [145] 
possibly because these temperatures produce a combination of gaseous and molten sulfate attack (i.e. 
parabolic and linear kinetics).   
 
Two other major reviews of corrosion by chlorine in coals should also be mentioned [71, 13].  
Wright, Mehta, and Ho [71] and many others agree that the UK data confirm high temperature 
corrosion as a consequence of chlorine. This conclusion was also reached by Tillman and others [13] 
who documented the range of chlorine concentrations found in coals mined around the world and 
reviewed field experience with chlorine corrosion in boilers fired with 100% coal.  They concluded 
that, while high chlorine coals have been shown to cause corrosion, the difference between the US 
and UK findings has not been resolved.   
 
4.3.1 Effect of Temperature Gradients 
 
James and Pinder [145] have observed that, in the absence of heat flux, molten salts on the surface of 
a superheater tube quickly become saturated with corrosion products and stifle the corrosion 
reactions.  However, when a temperature gradient exists, the concentration gradient through the 
molten deposit reduces the solubility of SO3 in the deposit and reduces the stability of the sulfated 
corrosion product in the hotter deposit in the more oxidizing environment further from the tube 
surface. This precipitates a non-protective porous iron oxide in the hottest (outermost) ash layer, 
releasing alkali metal sulfates and SO3 that can migrate back to the tube surface to cause more 
corrosion, without the need for additional alkali metal sulfate deposition from the fuel gases.  
Essentially this mechanism is active oxidation driven by the temperature gradient.  The 
decomposition of the outermost sulfates also reduces the melt thickness, which speeds the transport of 
the corrosion products away from the scale/melt interface and increases the corrosion rate.     
 
Effects of heat flux and chlorine content established by E.ON and its predecessor companies Powegen 
and CEGB, are presented in a single graph in Figure 4 [147] 
 

                                                 
14 James and Pinder cite the reference for this work as L.W. Pinder, S. Brooks and D.B. Meadowcroft, “Derivation of 
model equations for the prediction of corrosion rates of austenitic superheater and reheater tubing in coal-fired boilers”, 
MID/SSD/86/0028/n/MT, but I have not yet been able to trace this reference. 



 

23 
 

 
 

Fig. 4. Effects of coal chlorine content and heat flux on high temperature corrosion rates. 

 
These effects were modeled by Glover using non-equilibrium thermodynamics to develop general 
flux equations that could be combined with point defect information for specific oxides to predict 
oxidation rates [144].  In addition to the effects of temperature on diffusion rates in oxides, thermal 
gradients can affect active oxidation mechanisms, where the chlorides in superheater deposits are 
concentrated at the metal/scale interface [145].  Because laboratory tests that do not simulate the 
temperature gradient across the tube wall and deposit hinder the growth of the chlorine-rich inner 
layer and underestimate the corrosivity of the environment, E.ON uses laboratory tests only for 
preliminary sorting of candidate alloys and uses corrosion probe tests in a burner rig and in operating 
boilers to evaluate corrosion mechanisms and rates in operating boilers [147]. 
 
Another recent summary of the effects of temperature gradients on corrosion has been published by 
Covino and others [123].  Their study was to develop a basis for understanding rapid corrosion in 
Waste-to-Energy (WTE) plants.  They note that heat flux can affect: 
 
      Oxide scale adhesion, cracking and spalling  

Transport and chemical processes within fireside deposits on tubes 
Condensation effects, such as chloride deposition 
Point defect migration in oxide scales – thermal diffusion15 and heat of transport effects 

 
Covino and his colleagues point out that WTE plants have more severe corrosion produced by 
thermal gradients than most coal-fired boilers because the tubes are often covered by molten salt 
deposits.  Substantial temperature gradients exist across the ash deposits and corrosion products in the 

                                                 
15 This is similar to the Ludwig-Soret effect in which applied temperature gradients establish concentration gradients in 
liquid mixtures. 
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areas most susceptible to corrosion.  The paper [123] then describes laboratory and field tests to 
investigate the effects of temperature and thermal gradients on the high temperature corrosion of 
carbon steel and of cobalt.  Carbon steel corroded about twice as rapidly under a thermal gradient 
than under isothermal conditions at 450°C (842°F), although no effects of thermal gradients were 
detected with cobalt.      
 
Kawahara, Nakagawa and Li [165] reported that apparent galvanic corrosion beside tube welds made 
with Alloy 625 filler metal in a waste incineration plant was reproduced in the laboratory only when a 
temperature gradient existed between the alloy substrate and the flue gas.  Later work by Kawahara, 
Kira and Ike [156] found that laboratory tests in simulated environments under-estimate the corrosion 
rate experienced in the field, and concludes that isothermal tests should be used only for evaluating 
candidate materials, but may not reproduce the type of corrosion found in operating boilers.  This 
work developed a thermal gradient corrosion test to reproduce the thermal conditions found in WTE 
boilers.  Results obtained with the thermal gradient corrosion test were described in a later publication 
[165].    
 
Additional evidence for the effects of thermal gradients on superheater tube corrosion rates comes 
from the work of Montgomery, Jensen, Hansson and Vilhelmsen [30].  These authors found high 
corrosion rates were associated with areas of high heat flux in the Maribø and Avedøre 2 
superheaters, although increasing heat flux produced very little increase in the surface metal 
temperature.  For example, doubling of heat flux from 6,800 to 12,200 w/m2 in the Maribø 
superheater 3 produced an estimated temperature increase of only 6°C (11°F) [30].  The authors noted 
that effects of increased flue gas temperature are complex because they can simultaneously affect the 
thickness, composition and morphology of the deposit and the degree of deposit sulfation.   
 
4.4 FOULING TENDENCY AND ASH DISPOSAL 
 
Coals from different sources can show significantly different slagging and fouling16 tendencies.  For 
example Liu, Heinzel, Maier and Hein fired three kinds of lignite coals and their blends [44] and 
showed that serious slagging and fouling began where local flue gas temperatures exceeded the fly 
ash melting temperature.  The lignite coals with the highest slagging potential contained high 
concentrations of pyrite (FeS2) and calcium that produced fly ash with a low melting temperature.  A 
1% Cr boiler tube material with grain boundary sensitization produced a thick (failed) Fe/Cr oxide 
layer under these conditions.   
 
In a related paper, Heinzel and his colleagues [43] studied ash formation and corrosion caused by 
blends of hard coal and lignite with straw, energy crops, wood and sewage sludge in a conventional 
pulverized fuel test facility.  Adding biomass to hard coal reduced the slagging temperature by about 
100°C (180°F).  100% straw firing reduced the slagging temperature by about 200°C (360°F).  Slag 
formation in the furnace was not a problem because the high combustion temperatures volatilized 
alkali salts, producing low silicate concentrations in the bottom ash.  However, straw substitution 
greater than 10 or 20% produced bottom ashes that contained more chlorine than European industry 
regulations allow for use in the cement industry.  The authors also concluded that increases in the 
alkali and chloride concentration of the flue gases caused by co-firing biomass are likely to cause 
corrosion under superheater deposits if the Cl to S ratio becomes too high (“too high” was not 
defined).  Potassium in the biomass fuels enriched the filter ash in KCl and K2SO4 by condensing sub-
micron alkali salt particles on the micron-sized fly ash particles.   
 
                                                 
16 Slagging is agglomeration in the furnace.  Fouling is the growth of accumulation of deposits in the convection passes of 
the boiler. 
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The disposal of boiler ash is less regulated in the US than in Europe.  However, the disposal of ash 
produced by US power stations is becoming a focus of environmental concern.  Each year the US 
utility industry generates more than 70 million tons of fly ash, 15 million tons of bottom ash and 2 
million tons of boiler slag [164].  All three materials are used in cement manufacture.  The highest 
value of fly ash is as a substitute for Portland cement in concrete.  Bottom ash is also used to replace 
virgin sand and gravel in structural fill and road base.  Boiler slag is used as structural fill and blasting 
grit. In 2008, 42.3 million tons of coal fly ash, 10.4 million tons bottom ash, and 0.34 million tons 
boiler slag were landfilled, representing roughly 58%, 56%, and 17% of the amount generated, 
respectively.   The American Coal Ash Association (ACAA) estimates that, since the 1920s, when fly 
ash was first landfilled, between 100 million and 500 million tons of fly ash have accumulated in U.S. 
landfills [164]. 
 
Given the potential problems of disposing of the ash generated by burning biomass fuel in a 
conventional utility boiler, Heinzel and others at the University of Stuttgart [42] investigated ash 
formation during the burning of coals, sewage sludges and biomass in a pilot scale vertical cyclone 
slag tap furnace17 and in a conventional pulverized fuel boiler [43].  Combustion in a slag tap furnace 
can be compared to combustion in a black liquor recovery boiler.  Fuel particles ignited in suspension 
fly to the cyclone walls where they burn out completely on top of the slag.  The high furnace 
temperatures, which exceed 1400°C (2552°F), reduce the volume of fly ash and produce a slag from 
which blasting abrasives can be manufactured.  However, volatilized inorganics deposited in the flue 
gas path produce corrosive alkali chlorides and sulfates when high chlorine, high alkali and low sulfur 
fuels like straw residues and brown coal18 are burned.  Other particularly corrosive deposits are 
formed by fuels containing significant amounts of Zn or Pb (e.g. sewage sludge) which form low 
melting temperature deposits.   Heinzel and his co-workers concluded that it would be possible to 
combust hard coal – sewage sludge in an industrial slag tap furnace, although excessive 
concentrations of chlorine, sulfur and heavy metals could form corrosive deposits or unacceptable 
flue gas emissions.  Different straw fuels showed very different behaviors in the slag-tap furnace.  
One produced a foam glass-type slag that would not flow out of the slag tap.  Other types of straw 
produced deposits that flowed normally, but that were correspondingly more corrosive.  Co-
combusting straw with coal reduced the corrosion tendency by producing alkali sulfate rather than 
alkali chloride deposits. 
 
4.5 EFFECTS OF OXYFUEL COMBUSTION 
 
Oxyfuel combustion is an attractive firing practice because it reduces the formation of nitrogen oxides 
and creates a flue gas that is essentially only carbon dioxide, which can therefore be captured at much 
lower cost than in a conventionally-fired power plant.   
 
Two papers on corrosion effects of oxyfuel combustion were published in 2010.  Davis summarized 
the impact of oxyfuel combustion on corrosion in coal fired plants [128].  He concluded that oxyfuel 
combustion increases the risk of corrosion in superheater/reheater tubes by surface chromium 
depletion caused by chromium carbide formation on austenitic alloy tubes.  Corrosion could be 
minimized by using low-sulfur, low-chlorine coals, implementing good combustion control to avoid 
reducing conditions at the furnace wall, flue gas desulfurization in the recycled gases to reduce the 
concentrations of SO2 and Cl species within the furnace, and the use of corrosion-resistant (i.e. 

                                                 
17 A slag-tap boiler burns pulverized coal in a boiler that contains a port from which molten furnace bottom ash can flow 
out into a quench hopper.  The quenching freezes and fractures the ash, which is removed by high pressure water jets for 
dewatering and screening.  The crystallized boiler slag is a coarse, angular, glassy, black material, usually known as “Black 
Beauty”.  When pulverized coal is burned in a slag-tap furnace, up to 50% of the ash is retained in the furnace as boiler slag. 
18 Brown coal contains relatively high sodium and has a low ash content.  
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stabilized) tube materials or of coatings.  Dew point corrosion caused by flue gas recirculation could 
also become a problem.  
 
Also in 2010, Tuurna and others at VTT conducted experiments to evaluate the performance of 
superheater steels in simulated oxyfiring conditions [66].  Combustion in oxygen or oxygen-enriched 
air tended to increase the conversion of SO2 to SO3.  The associated use of flue gas recirculation to 
dissipate the intense heat produced by combustion in oxygen increased the concentration not only of 
CO2 in the fuel gases but also that of CO, SOx, Cl and HCl and H2O.  The concentration of other 
troublesome flue gas vapors like Hg, As and Se also increased.  Samples of alloys T22, 
X20CrMoV11-1, 347HFG and HR3C were exposed in premixed gases simulating oxy-fired and air-
fired coal combustion at temperatures of 580 and 650°C (1076 and 1202°F).  The oxy-fuel gas 
environment contained 3.6% O2, 60% CO2, 30% H2O and 6.4% Ar.  
 
T22 and X20 steels were heavily oxidized at rather similar rates at 580°C (1076°F).  Their oxidation 
rates were slightly lower in oxyfuel combustion conditions than during conventional firing.  The 
corrosion rate of X20 steel was not significantly higher at 650°C (1202°F).  Although the higher 
temperature formed a porous internal layer, no spalling was observed.  Type 347HFG was more 
oxidation-resistant than T22 or X20, and performed slightly better in oxyfuel conditions than in air-
fired conditions.  The rapid formation of a protective oxide was attributed to the fine grain size of this 
alloy.  The oxidation of HR3C samples was very slow, particularly in oxyfuel conditions.  Although 
the initial indications of this study are that oxy-firing will be no more corrosive than air firing, the 
authors commented that the addition of impurities such as SO2 and HCl to the oxy-firing test 
environment could change the performance of the materials [66]. 
 
4.6 EFFECTS ON CORROSION OF CO-FIRING BIOMASS WITH COAL  
 
Tests of candidate alloys at metal temperatures between 640 and 670°C (1184 and 1238°F) in 
Swedish boilers burning coal- biomass blends and 100% biomass were reported by Henderson and 
others [38].  Corrosion rates were generally higher when burning 100% biomass than when burning 
coal-biomass blends.  Alloys with the highest chromium content generally showed the lowest 
corrosion rates, but there were some exceptions.  Manganese additions e.g. as in alloy Esshete 1250 
(Fe-15Cr-10Ni-6.3Mn-1Mo-0.6Si-NVB) also seemed to be beneficial.   
 
Hansen, Frandsen, Dam-Johansen, Sørenson and Skrifvars [8] analyzed bottom ash, fly ash and 
superheater deposits in a pulverized coal-fired boiler burning 0%, 10% and 20% (energy basis) straw. 
 Potassium released by firing increased proportions of straw reacted with alumino-silicates from the 
coal, producing more potassium-alumino-silicates in the fly ash.  Ash samples collected on probes 
contained silicates rich in K, Ca and Fe, but no molten components.  Simultaneous thermal analysis 
measurements (STA) showed that the ash did not melt until the temperature reached the range 1000 to 
1390°C (1832 to 2534°F).  Despite the mineralogical differences, there was no significant difference 
between the melting behavior of the fly ashes and the bottom ashes.  The FMT of the fly ash was 
about 150°C (270°F) below the initial deformation temperature19 (IDT).  Sintering experiments 
showed that all the ashes grew stronger at temperatures below the FMT.  During coal combustion, the 
fly ash grew stronger in the absence of a liquid phase, but during co-combustion with straw, ash 
strengths remained low unless molten phases were present.  Sintering began when the average 
viscosity of ashes was (1−3) × 106 P.  Quantification of melting by STA showed that between 1% and 
36% of the deposit was molten when at the IDT measured in ash fusion tests.  The authors concluded 

                                                 
19 The Initial Deposition Temperature (IDT) is the temperature at which the point of a pressed pyramid of boiler ash begins 
to round. 
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that standard ash fusion test data should be used with care when determining melting behavior and 
fouling tendency.   
 
In laboratory studies simulating superheater corrosion in straw-fired boilers, Nielsen, Frandsen and 
Dam-Johansen [10] coated boiler tube steels with synthetic (KCl and/or K2SO4) and real deposits, and 
exposed them to a synthetic flue gas at 550 °C for durations between 1 week and 5 months. The 
corrosion was generally uniform, with corrosion products that were largely Fe and Cr oxides.  The 
authors suggested that KCl forms a eutectic with K2SO4 and various iron compounds at the tube 
surface, and KCl is rapidly converted to K2SO4 in this melt whenever the tube surface temperature is 
high enough to melt it.  This sulfation releases Cl2 and HCl, causing rapid oxidation of the tubes 
according to the mechanism first called “active oxidation”20 by Lee and McNallan [146] and later 
studied in detail by Grabke and co-workers [e.g. 57].  Many types of sulfur compounds can produce 
the sulfation reaction, although SO3 appears to be most reactive [13].  Lokare and others have shown 
that increasing the molar ratio of available sulfur to chlorine can make corrosion very unlikely [139].  
After reviewing industry experience with co-firing biomass and coal, Duong and Tillman [108] 
attribute the rarity of corrosion problems to the sulfation of chlorine-containing deposits by sulfur 
from the coal component of the fuel.   
 
Salmenoja and Mäkelä concluded [69] that gaseous HCl discharges with the flue gases and does not 
corrode superheater tubes when the environment is oxidizing and the tube metal temperature below 
600°C (1112°F).  However, in reducing conditions, corrosion of biomass boiler superheater tubes 
begins at about 450°C (842°F) with metal chloride formation.     
 
Anderson and others [18] described deposit formation in a 150 megawatt (MW) pulverized coal 
utility boiler converted to burn 20% straw (on an energy basis).  The Fe-rich upstream deposits 
formed during coal combustion gave way to Ca- and Si-rich deposits during coal-straw co-
combustion.  Potassium from the biomass formed K-Al silicate deposits that had higher melting 
temperatures and were not problematic.  No chlorine was found in deposits collected during 
combustion and chlorine was not expected to cause corrosion problems with the fuels used.  The 
formation of stable K-Al silicates was confirmed by thermodynamic calculations.  This emphasized 
the importance of good mixing during combustion so as to form K-Al silicates rather than K2SO4.    
 
Wei and others [6] made thermodynamic equilibrium analyses of the effect of other fuel minerals on 
the release and fate of chlorine and alkali metals during the co-combustion of coal and straw.  In a 
pulverized fuel boiler, very little of the chlorine and sulfur in the fuel is found in furnace bottom ash, 
air preheater ash or cyclone ash.  Instead, the chlorine and sulfur concentrations in the fly ash are 
relatively high.  In the combustion of hard coal with less than 50% straw, most of the potassium is 
found as potassium aluminosilicates, which have a high melting temperature and inhibit ash 
deposition on the furnace surface.  Sodium forms sodium aluminosilicates, some NaCl(gas) and some 
NaOH(gas).  Increasing the faction of straw in the fuel increases potassium silicate formation.  Most 
of the sodium is released as NaOH(gas), NaCl(gas) and Na2SO4(liquid).  When the fuel contains less 
than 50% straw, Na2SO4(liquid) is formed at temperatures between 1200 and 1400°K (1700-2060°F). 
 If the fuel is 100% straw, the predominant species are KCl(gas) and K2Si4O9(liquid).  When the flue 
gases cool, KCl(gas) and KOH(gas) may react with SO2(gas) and H2O(gas) to form K2SO4(gas) and 
other aerosols.   
 
Later work by Wei, Schnell and Hein extended these studies of the thermochemistry of gaseous 
chlorine and alkali metals to the combustion of Danish straw, Swedish wood and sewage sludge, and 
in the pressurized pyrolysis of wood and sludge [27]. HCl(g), KCl(g), KOH(g) and NaCl(g) released 
                                                 
20 The term “active oxidation” was chosen because the scale formed on the metal substrate was not protective.  
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during biomass combustion caused agglomeration, fouling and corrosion.  The gas-phase alkaline 
species are severely corrosive to gas turbines in combined cycle plants21, consistent with the work of 
Pettersson, Svensson and Johansson [75].  The equilibrium compounds in each fuel mixture were 
calculated as a function of temperature.  In straw combustion, the predominant alkali species were 
predicted to be K2Si4O9(liq), KCl(gas) and KOH(gas).  In wood combustion, KCl(gas), K2SO4(gas) 
and KOH(gas) predominated.  NaCl and NaOH(g) predominated in sewage combustion.  The release 
of chlorine and potassium was essentially independent of the amount of excess air used in 
combustion.  However, when straw or sludge is burned, increasing combustion air reduces the release 
of HCl(gas) and increases the formation of KCl(gas) and NaCl(gas) at high temperatures.  Wei notes 
that HCl emissions are regulated in many jurisdictions.   
 
Additional calculations were made to predict the effects of excess air on emissions of alkali metal 
gases, chlorine and hydrogen chloride during the pyrolysis of biomass, wood and sewage sludge [27]. 
 During the pyrolysis of wood and sewage, nitrogen22 forms toxic KCN(gas) and NaCN(gas).  The 
addition of kaolin during straw combustion appeared to increase the formation of potassium 
aluminosilicates in the ash.  These additions also reduced the formation of KCl(gas) and KOH(gas) 
and increased the formation of HCl(gas).              
 
In 2005, Frandsen summarized 10 years of research at the Technical University of Denmark on 
deposits and corrosion in boilers firing biomass and waste [82].  This includes ternary diagrams 
summarizing the composition of fly ash and bottom ash in straw-fired grate boilers and coal/straw 
fired CFB or pulverized fuel boilers (figure 5).  The deposits are characterized by their concentration 
of three types of material: quartz and aluminum silicates; potassium and calcium silicates; potassium 
chloride.  
 

 

Fig. 5. Composition of fly ash (top triangle) and bottom ash deposits (lower triangle) in deposits 
from wheat straw-fired grate boilers, a coal-fired CFB boiler and a straw-coal co-fired boiler. 

 

                                                 
21 References 11-13 in [27]. 
22 Nitrogen is used in pressurized pyrolysis reactors to heat the biomass and carry the pyrolysis gases forward. 
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A historical overview by Frandsen [24] summarized progress in the understanding of ash and 
corrosion research reported at a series of biennial international conferences.  A previous review had 
covered the period 1963 to 1991 and Frandsen’s paper extended this through the period 1991 to 2009.  
 
Davidsson and others evaluated the effects of co-firing coal and wood/straw biomass fuels with 
sewage sludge in a 12MW CFB boiler [26].  The fuels fired were biomass fuel, coal + biomass fuel, 
coal + biomass fuel + sewage sludge and biomass fuel + sewage sludge.  Other experiments included 
limestone additions and chlorine additions as PVC.  The fuel mixture and the addition of limestone 
had little effect on the alkali fraction in the bed ash.  Chlorine additions decreased the alkali fraction 
in the bed ash.  Adding sewage sludge practically eliminated alkali chlorides from the flue gases and 
from a superheater deposit probe by causing sulfation reactions.  Adding enough limestone to coal 
and sludge to eliminate SO2 emissions did not affect the behavior of chlorine.  PVC additions 
increased the amount of alkali chlorides in the flue gas.  However, when sewage sludge was co-fired, 
no chlorine was found in the superheater deposit.  Firing coal with the wood/straw biomass fuel 
produced flue gases with 1/3 the alkali chloride concentration of flue gases from firing biomass fuel 
only, whether or not limestone or PVC was added.  Davidsson concluded that the aluminum 
compounds in coal and sludge are more important than sulfur in reducing the concentration of KCl in 
tube deposits and flue gases.  This is consistent with his finding with kaolin additions in a wood-
burning boiler [20].   
 
Theis, Skrifvars, Zevenhoven, Hupa and Tran have studied the rate and composition of deposits 
formed by the combustion of mixtures of peat with bark or straw as a function of the substrate surface 
temperature [79-81].  Peat is a clean fuel that contains large amounts of inert compounds such as 
silica and alumina in its ash.  Ash deposition rates were measured in an entrained flow reactor.  Fuel 
particles are fed into the top of this reactor and can be sampled as they de-volatilized, charred and 
burned to ash while falling through a 6.5 meter tube furnace entrained in flue gases produced by a 
natural gas burner.  A 1” diameter horizontal probe, air-cooled to 550°C, collected deposits at the 
base of this reactor.  The probe diameter was chosen so that the probability of particles colliding with 
the probe was the same as that of particles colliding with a superheater tube in a bubbling fluidized 
bed combustor.   
 
Deposition rates from individual fuels were peat: 20 gm/m2/h; bark: 80 gm/m2/h and straw: 160 
gm/m2/h [79].  These are within the order of magnitude of deposition rates measured in industrial 
boilers.  Deposition rates of mixed fuels were not linear functions of the mixture composition, 
indicating that the ash components were interacting with one another.  Peat appeared to limit 
deposition when less than 50% bark was added, but increased fouling, probably by becoming 
incorporated in bark deposits, when more than 50% bark was added.  Adding as little as 30% peat to a 
straw fuel reduced its deposition tendency to that of pure peat, and up to 70% straw could be added 
before the deposition rate increased.  This cleansing effect of peat had been documented previously in 
a pulverized wood-fired boiler [143].  This study [79] suggested that up to 30 w/o bark or up to 70 
w/o straw (renewable biomass fuels) could be co-fired with peat without increased fouling rates.   
 
Ash from peat burning contained mostly insoluble silicates; ash from bark contained some soluble 
and volatile ash components and ash from straw contained easily volatilized soluble components [80]. 
 When co-firing fuel mixtures, the ash deposition rate did not increase until the Cl/S molar ratio in the 
feed ash exceeded 0.15.  Associated thermodynamic calculations for peat/bark mixtures showed that 
increased deposition rates occurred when the deposit material contained more than 15% of molten 
phases.  This affirms that sulfur in the fuel suppresses deposition by sulfating Cl compounds, 
producing deposits containing less Cl and less molten phases.  In peat/straw mixtures, increasing Cl/S 
ratios in the fuel and increased deposition rates did not correlate with the appearance of molten phases 
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in the deposit.  This might indicate that Si-Al compounds in the peat ash were capturing gaseous 
alkali compounds from the straw ash [8], or that abrasive peat ash was eroding the straw ash deposits 
[80]. 
 
Studies with probe temperatures between 475 and 625°C (887 to 1157°F) [81] showed that the 
deposition rate was independent of the substrate surface temperature when 100% peat was burned.  
When fuel mixtures were co-fired, the situation became more complex.  Deposition rates when 
burning bark or peat/bark mixtures decreased with increasing probe temperatures.  However, 
deposition rates when burning straw or straw/peat mixtures increased with increasing probe 
temperature at temperatures below 550°C (1022°F), but became independent of probe temperature at 
higher temperatures.  Regardless of the fuel being burned, the chlorine content of the deposit 
decreased with increasing substrate temperature.  Deposits from peat/bark fuels contained K as K2SO4 
when the deposition rate was low and as KCl when the deposition rate was high.  However, 
deposition rates from peat/straw fuels were not correlated with the Cl, S and K content of the deposit, 
indicating the cleansing effect of the peat mentioned above [143].             
 
Piotrowska and others showed that co-combustion of rapeseed cake with coal [157] was much less 
problematic than burning the rapeseed cake by itself, because the alkali metals in the rapeseed 
interacted with aluminum silicates in the coal.  Bed agglomeration and upper boiler deposits were not 
serious.  No gaseous alkali metal chlorides were detected in the beginning of the convection pass.  Up 
to 9 w/o of P was present in deposits on the lee side of a probe.  Limestone additions increased the 
rate of deposition on this probe but reduced emissions of HCl and SO2. 
 
A recent paper by Fuller, Maier and Scheffknecht [50] reviewed the issues faced by large coal-
burning power plants planning to convert to biomass firing.  They presented a detailed case study of a 
250 MW plant that co-fired up to 100% wood pellets without experiencing serious problems either in 
operation or in emissions.  To achieve complete burnout of the particles the fuel milling system 
needed some modifications and the fuel needed to be introduced where it would achieve the longest 
possible residence time.  Pure wood pellet combustion produced slightly higher CO2 emissions than 
pure coal, but the authors expect that this can be reversed by planned modifications to the burner and 
firing systems.  The high alkali content of the fly ash produced by 100% wood firing will have 
limited potential as an additive for cementitious materials unless firing procedures can be changed to 
increase the proportion of silica alumina, and iron oxides in the fly ash to the concentrations required 
by regional regulations.   
 
4.6.1 Effects of Chlorine from Biomass Fuels on Superheater Corrosion in Pulverized Coal 
Boilers  
 
Tillman, Duong, Figueroa and Miller have written a comprehensive review of sources of chlorine in 
fuels that might be co-fired in pulverized coal utility boilers and on the consequences of this chlorine 
on deposition and corrosion [13].  Their survey focuses on coals and woody and herbaceous biomass 
fuels and excludes municipal waste fuels.  A subsequent publication from the same laboratory [108] 
includes a useful tabulation of typical chlorine and moisture concentrations in 20 biomass materials 
used as fuels.  All the biomass fuels contained more Cl than coal samples from 9 representative US 
coalfields.  The chlorine concentrations of the biomass fuels, expressed as lb/106 Btu ranged from 
0.012 for willow, polar and almond shells to 0.923 for corn stover and 0.894 for rice straw.  The 
chlorine concentration of a given coal depends primarily on the age and rank (maturity) of the deposit 
from which it was mined [13].  The highest concentrations are found in immature bituminous coal 
fields.  But, with the exception of wood fuels and a few other materials, the biomass used as fuel 
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contains significantly higher chlorine concentrations than coal.  Field crops, with the exception of nut 
shells, pits and switchgrass, contain more chlorine than woody materials.   
 
Tillman and his co-authors note that the most common corrosion problems caused by the addition of 
biomass to coal fuels arise because of reactions of chlorine with the alkali metals potassium and 
sodium.  Chlorides are the most stable alkali species in the gas phase.  Although alkali chlorides are 
formed first regardless of the surplus of sulfur in the system, the chlorine in the alkali compounds can 
be displaced by sulfur.  Although the alkali sulfates thus produced are far from inert, they are much 
less aggressive than alkali chlorides.   KCl formation presents the greatest concern during the 
combustion of biomass fuels, because of its low melting temperature.  Alkali chlorides formed in the 
initial combustion processes can form corrosive deposits on heat transfer surfaces such as superheater 
tubes.  Depending on the tube surface temperature, these deposits can themselves be molten or form 
low melting temperature eutectics with other materials.  The most aggressive corrosion therefore 
takes place in a narrow temperature band where liquids are present on the tube surface.  Note 
however, that even above the dew point of the deposits, gaseous KCl is corrosive towards superheater 
alloys [75].   
 
Tillman and his co-authors pointed out [13] that co-firing 10% straw at a Danish power station did 
not produce any acceleration in corrosion that could be attributed to chlorine release.  At 20% co-
firing, the corrosion rate increased by a factor of 2 or 3 to a rate typical of the most corrosive coals.  
Based on these results the authors concluded that the maximum manageable percentage of co-firing 
straw with coal would be about 20% straw.  With very good mixing and careful deposit control, 
higher substitution might be possible.   
 
4.7 SUMMARY 
 
In today’s marketplace of energy fuels, coal offers an abundant, easy-to-burn fuel with manageable 
corrosion problems at steam temperatures that offer conversion efficiencies up to 50%.  In the 
absence of policies to promote the use of renewable fuels for power generation, coal is likely to retain 
its position as the primary fuel for US power stations.  Coals containing corrosive contaminants such 
as alkali chlorides and sulfates are diluted with less problematic fuels to avoid corrosion problems. 
Current research suggests that, as superheater temperatures are increased to maximize energy 
recovery from coal, materials limitations in high temperature creep resistance may be reached before 
corrosion limits are reached.   
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5. CORROSION IN SUPERHEATERS OF BOILERS BURNING MUNICIPAL WASTE AND 
TIRE-DERIVED FUEL, ESPECIALLY NEAR AND ABOVE THE FMT 

 
 
5.1 CO-FIRING WASTES WITH FOSSIL FUELS 
 
Coda Zabetta and others have summarized the history and status of biomass and waste combustion in 
Europe [102].  For many years pulp and paper mills have used wood fuels to generate steam.  Boilers 
used for steam generation and small-scale electricity generation were small (~10 megawatt equivalent 
(MWe)) partly because of limits imposed by profitability, technology and the limited availability of 
biomass fuels.  Recent environmental legislation to restrict the emission of greenhouse gases has 
renewed interest in co-combustion in pulverized coal-fired units.  In Europe the introduction of 
circulating fluidized bed boilers has reduced furnace emissions and enabled greater fuel flexibility.  
The range of fuels co-combusted with fossil fuels such as coal and pet coke includes both biomass 
fuels such as wood, agricultural wastes and bio sludges, and waste fuels such as contaminated wood, 
municipal waste and tire-derived fuel (TDF).  Biomass and waste fuels contain less energy than fossil 
fuels and tend to foul and corrode heat exchanger surfaces like superheater tubes.  They also increase 
the risk of bed agglomeration in CFB furnaces, and often show deleterious synergistic effects.  
However, in some cases, fuels can be mixed so that deleterious effects of one fuel are neutralized by 
compounds from another fuel.   
 
5.2 EFFECTS OF CHLORINE IN COMBUSTED WASTES 
 
Bender and Schütze have published a systematic review of the role of major alloying elements on the 
oxidation behavior of commercial alloys in high temperature chlorine-containing environments [68].  
Thermodynamic data were used to develop quasi-stability diagrams for M-O-Cl systems at 800°C 
(1472°F).  Protective oxide cannot be expected to form unless the vapor pressure of metal chlorides 
or oxychlorides is less than 10-4 bar. Higher vapor pressures produce porous and unprotective scales. 
 Theoretical calculations suggest that Al, Cr, Fe and Si will form protective scales in air containing 
0.1% Cl2.  Even if the air contained 2% Cl2, Al and Si would be expected to form protective scales.  
Preoxidation to form Al2O3, Cr2O3 and SiO2 should resist air containing 2% Cl2 according to these 
thermodynamic calculations, provided the oxides do not crack or spall.  Because of the volatility of 
molybdenum oxides and oxychlorides, alloys containing tens of percent of Mo suffered severe attack 
even in 0.1% Cl2.  Because of the volatility of MoO2Cl2, even small alloying additions of Mo 
produced high corrosion rates at 800°C (1472°F).  The authors noted that, because the alloys tested 
did not contain sufficient Si to form a continuous SiO2 scale, their Si additions were not beneficial.  
By far the most corrosion-resistant alloy in Bender and Schütze’s high temperature tests was Alloy 
602CA (Ni-24Cr-2Al-TiYZr).   
 
To better understand the role of chlorine in the corrosion of waste incinerators burning PVC or power 
plants burning chloride-bearing coals, Zahs, Spieggel and Grabke compared the corrosion resistance 
of iron, chromium and nickel in chloridizing and oxidizing environments at 400-700°C, using 
thermogravimetry and metallography [57].  Their report includes a useful review of the Fe-O2-Cl2, 
Cr-O2-Cl2 and Ni-O2-Cl2 systems.  From their laboratory results, they concluded that, at temperatures 
above 500°C, the predominant corrosion process was “active oxidation”, in which metal chlorides 
form at the alloy/oxide interface.  In the active corrosion mechanism, these chlorides volatilize and 
diffuse outwards though the corrosion scale until the oxygen partial pressure is high enough to 
convert them into oxides.  Iron is corroded most rapidly, partly because iron reacts very strongly with 
chlorine and partly because iron chloride has a very high vapor pressure.  When iron or chromium is 
exposed, essentially all the metal chlorides are converted to metal oxides.  However, because nickel 
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chloride is thermodynamically more stable than nickel oxide, significant evaporation of unreacted 
nickel chloride produces mass loss which produces rectilinear corrosion kinetics at high temperatures. 
 Oxides formed on chromium tended to spall much more than oxides formed on iron or nickel.  The 
formation of multilayered, porous and unprotective oxides on iron-chromium alloys was attributed to 
oxidation of volatilized chloride environments.  The results indicate that additional alloying elements 
are required for resistance in oxidizing environments that contain chlorine.  Fe-Cr-Si alloys show 
promise in this regard.  Nickel-based alloys have the advantage that nickel is relatively inert in these 
environments.  As the iron and chromium additions reacted with chlorides, the nickel concentration 
increased at the alloy/oxide interface.  The best performing alloys, in terms of mass change, were 
Alloys 825 and 600.  AES analysis of fractured samples showed that even at 600°C, there is no 
preferential diffusion of chromium in the alloy grain boundaries.      
 
5.3 EFFECTS OF ZINC AND LEAD IN COMBUSTED WASTES 
 
Spiegel has reviewed corrosion failures in German waste incineration plants [55].  He notes that about 
23% of Western Europe’s waste is currently burned in about 600 plants.  The ash deposits on tubes 
from waste-fired boilers contained significant quantities of molten phases such as sulfates of calcium, 
potassium and sodium and/or chlorides of potassium and sodium.  These deposits also contained low 
melting temperature heavy metals such as lead and zinc.  The presence of lead and zinc from 
demolition wood substantially depresses the FMT of the deposits and produces rapid corrosion on 
low alloy tube materials.  Thermodynamic analysis showed that gaseous HCl will convert ZnSO4 and 
PbSO4 to volatile chlorides at temperatures of 400°C (752°F) and above even in relatively high partial 
pressures of SO2.  These volatile chlorides condense on fly ash particles and on steam-cooled 
superheater tubes surfaces, forming molten or sticky deposits such as KCl-ZnCl2 eutectics.  
Experiments with a T-22 type alloy showed that the heavy metal chlorides fluxed the otherwise 
protective oxides.  The higher chromium content in Alloy AC-66 reduced its corrosion rate at 600°C 
by forming insoluble PbCrO4 and ZnCr2O4, accompanied by significant inward growth of spinels and 
metal chlorides.  At 500°C the corrosion rate of AC-66 was much lower – only two or three times 
higher than in a purely oxidizing environment.   
 
A very different understanding of the corrosion mechanism was proposed by Otero and others [59] 
after using electrochemical test techniques to study the corrosion of Incoloy 800 in a molten eutectic 
of 52% PbCl2-48% KCl chosen to simulate a waste incineration environment.  The authors detected 
evidence that molten lead had been present on the alloy surface, and concluded that it had formed at 
cathodic sites on the alloy surface by the reduction of Pb2+ ions in the eutectic.  Additions of carbon 
to the molten salt reduced the corrosion rate.  This was attributed to the carbon’s role in facilitating 
the enhanced reduction of Pb2+ at the alloy/molten salt interface.  Unlike the Incoloy 800, a 12CrMoV 
alloy studied previously [63] showed a corrosion rate that did not decrease with time, indicating the 
absence of a thickening barrier film between the alloy and the molten salt.  Increases in corrosion rate 
with temperature were attributed to reduction in the viscosity of the molten salt that reduced the 
polarization of the anodic and/or cathodic reactions. 
 
Returning to more conventional research, Li, Niu and Wu [60] described laboratory studies of the 
corrosion of several Fe-based alloys and of pure Fe, Cr and Ni at 450 °C (842°F) beneath ZnCl2-KCl 
deposits in flowing O2.  Alloys tested included carbon steel, a 5CrMo steel, P91, Type 310 stainless 
steel and Kubota Alloy HP (Fe-26Cr-35Ni-1Si).  25-hour tests showed very little oxidation in pure 
oxygen alone.  However, adding a 55/45 (mole fraction) mixture of ZnCl2/KCl produced accelerated 
corrosion on all the alloys, that was associated with the formation of thick and porous oxides.  
Chlorine was always enriched at the alloy/scale interface.  Alloys containing more Ni had greater 
corrosion resistance, while alloys containing more Cr produced less-adherent corrosion products.  
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Chromium carbides within the HP alloy were attacked more than the alloy matrix. The melting 
temperature of the ZnCl2/KCl salt mixture was only 250°C (482°F).  The authors suggested that 
molten salt first fluxed the oxide (i.e. reacted with Cr2O3 to form ZnCr2O4 and FeCl2.  The FeCl2 
migrated outward towards the higher oxygen partial pressures at the salt/gas interface, where it 
reacted to form Fe2O3 and to release Cl2.  The Cl2 could then penetrate back through the porous oxide 
to form more metal chlorides at the alloy surface, continuing the active oxidation cycle.  The authors 
noted that ZnCl2 was also significantly volatile.  Consumption of the ZnCl2 in the molten salt eutectic 
- either by volatilization or by ZnCr2O4 formation – could raise the FMT above the experimental 
temperature.  Thus, unless ZnCl2 were continuously resupplied to the tube deposit by zinc-bearing 
fuels, KCl would gradually replace ZnCl2 in the salt mixture, raise the FMT and slow the corrosion 
reaction.   
 
Later studies by Li and Spiegel [58] in similar test environments at 400 to 450°C (752 to 842°F) 
showed that the corrosion resistance of a series of alloys increased with increasing Al content in Fe-
10 to 45%Al and in Ni-Al alloys.  The alloy that showed the least mass loss was a 50Ni50Al alloy.  
Al-free materials corroded by an oxide fluxing mechanism.  The authors concluded that, in alloys of 
intermediate Al content, ZnCl2 reacted with Al in the alloy to form volatile AlCl3 (melting 
temperature 178°C (352°F)) and metallic Zn.  In alloys containing 45% Al, the released metallic Zn 
reacted with Al-rich alloy surface to form an Al-Zn eutectic.   
 
Related corrosion studies by Ruh and Spiegel [54] investigated the corrosion of Fe, Ni and Cr beneath 
a eutectic mixture of 50% KCl, 50% ZnCl2.  Iron chloride is soluble in the eutectic, so FeCl2 diffuses 
through the molten deposit to be oxidized at the deposit/gas interface in the active oxidation cycle.  In 
contrast, nickel and chromium have very limited solubility in the molten eutectic.  Because chromium 
dissolves in the melt as chromate, additional studies of the effects of gases like HCl and water vapor 
on the solubility of the metals are under way.  It would appear that waterwall tube and superheater 
tube materials for boilers burning fuels that can contain zinc should not rely on chromium to form 
protective oxides, but aluminum or silicon instead [54]. 
 
Later work by Pan, Zeng and Niu [61] studied the corrosion of 9% and 11% Cr steels and Type 304 
stainless steel under ZnCl2-KCl deposits at 400-500°C (752-932°F) in a CO2-2%H2-0.5%HCl gas 
mixture with and without additions of 0.005% H2S.  The addition of H2S increased the corrosion rate 
on all three alloys, producing scales that were more porous and less adherent.  Sulfides and chlorides 
tended to accumulate at the metal/scale interface.  Although higher chromium contents increased the 
corrosion resistance of the tested alloys, even Type 304 stainless steel was unable to form a protective 
layer of Cr2O3 in this environment.  The failure to form a protective oxide allowed active oxidation to 
begin.  Pan, Zeng and Niu noted that HCl+H2S environments are more corrosive than the more 
widely studied HCl + SO2 environments that convert alkali metal chlorides to higher melting 
temperature alkali sulfates.   
 
In later work, Lu, Pan, Zhang and Niu [56] studied a wider range of alloys in the same test 
environment.  Although the corrosion resistance generally increased with the Cr content of the alloy, 
even Type 304 stainless steel did not show acceptable corrosion resistance under a ZnCl2-KCl deposit 
at temperatures between 400 and 500°C (752 and 932°F).  Chlorine-rich species close to the 
alloy/scale interface indicated the absence of a protective oxide.   
 
Bankiewicz, Yrjas and Hupa studied the performance of T-22, Type 347 stainless steel and Sanicro 
28 in synthetic salt mixtures simulating deposits in furnaces burning wastes containing zinc (K2SO4, 
K2SO4-KCl and K2SO4-ZnCl2).   The FMT of the K2SO4-ZnCl2 salt mixtures was about 400°C 
(752°F) and the tests were made at temperatures between 350 and 500°C (662 and 932°F) [15].  Scale 
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formation on Sanicro 28 was slow except at 600 °C (1112°F).  Oxide thicknesses on Type 347 and 
Sanicro 28 at 600° (1112°F) ranged from about 12-30 μm (0.0005-0.001”) after a one-week test.  
Tests in chloride salts produced an accumulation of chlorine species at the alloy/scale interface, 
indicating an active oxidation mechanism, and pitting attack on Sanicro 28.   
 
5.4 CORROSION MONITORING IN WASTE-TO-ENERGY PLANTS 
 
Waldmann, and others [64], described an on-line probe used to monitor corrosion rates on superheater 
tubes in waste-to-energy plants.   This probe consists of a water-cooled support lance made from a 
nickel based superalloy with an air-cooled head.  The head is composed of a series of sample rings 
separated by ceramic washers.  The polarization resistance of each sample ring was monitored 
continuously.   After the tests, which could last for several months, the rings were removed for 
metallographic analysis.  Sample temperatures could range from 50°C below the flue gas temperature 
to several hundred degrees below the flue gas temperature.  Electrochemical measurements were 
calibrated using either tube wall thickness or the weight loss of a special control ring.  The data were 
also plotted as iso-corrosion lines in a three dimensional plot of corrosion rate versus tube surface 
temperature versus flue gas temperature.   Scatter in the data was attributed to variables like fuel 
composition, combustion control and plant design.  Nevertheless, combining the conclusions from the 
three-dimensional plots with calculated activation energies for the corrosion reactions correctly 
predicted that increased superheater temperatures would cause more of an increase in corrosion rate in 
one of the test boilers than in the other.    
 
5.5 EFFECTS ON CORROSION OF CO-FIRING TIRE-DERIVED FUEL WITH COAL  
 
The US discards about 300,000,000 tires (about one per person) each year.  About half of them are 
burned, usually as a shredded or chipped material from which most of the steel belt reinforcing wire 
has been removed.  About half of this Tire-Derived Fuel (TDF) is burned in cement kilns, and the rest 
is burned at pulp and paper mills, coal-fired power plants and waste incinerators.  The energy content 
of TDF is high and comparable to that of heavy petroleum fuel oil. It begins to burn at about 315°C 
(600°F) and combustion is rapidly completed at about 650°C (1200°F).  Zinc oxide is used in tire 
manufacture and lead in TDF ash may originate from automobile wheel balance weights included 
with tire scrap. 
 
The review of chlorine corrosion in boiler fuels by Tillman, Duong, Figueroa and Miller [13] notes 
that previous DOE-sponsored research reported trials of TDF as an opportunistic fuel at Allegheny 
Energy Supply’s Willow Island Generating Station.   Adding TDF to coal increased the heat content 
of the fuel and reduced its moisture content.  The co-fired mixture contained less sulfur than 100% 
coal, and its ash contained high concentrations of zinc that produced deposits with very low melting 
temperatures (see Section 5.3 above).  Environmentalists have raised concerns about dioxin formation 
from TDF combustion, but an EPA study of flue gases produced by tire incineration concluded that, 
with the exception of zinc-based particulates, there were no significant increases in air emissions 
when tires were substituted for coal and that some other problematic emissions e.g. Hg were reduced 
when TDF was substituted for coal. 
 
 
5.6 SUMMARY 
 
In the absence of national policies to burn wastes, fewer than 100 waste-to-energy boilers operate in 
the US.  Research, primarily in Europe, shows that the corrosion issues in waste-fired boilers are 
similar to those in biofuel boilers.  Most corrosion and fouling problems arise from chlorine and 
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alkali metals in the waste fuel.  Particular problems are introduced when burning waste wood, 
because zinc from galvanized metal and paint primers and lead from old paint form deposits with 
unusually low melting temperatures.  Wastes are often fired with cleaner fuels like coal to minimize 
corrosion problems.  Corrosion control technologies used in waste-fired boilers include the extension 
of the boiler passage between the furnace and the superheater, a low temperature tube bank of tubes 
immediately upstream of the superheater to collect chloride deposits at lower temperatures where 
corrosion rates are manageable, and the use of additives to eliminate problem deposits. 
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6. CORROSION IN SUPERHEATERS OF BOILERS BURNING AGRICULTURAL 
BIOMASS, ESPECIALLY NEAR AND ABOVE THE FIRST MELTING TEMPERATURE 

 
6.1 POLICY ISSUES DRIVING THE USE OF BIOMASS FUELS 
 
Europe’s adoption of the Kyoto protocol led to the European Union (EU) Biomass Action Plan, 
published on December 7, 2005.  This proposed measures to more than double the EU’s biomass use 
by 2010, while respecting environmental limits. The plan would reduce oil imports by 8%, eliminate 
greenhouse gas emissions worth 209 million tons of CO2-equivalent per year and create up to 300,000 
new jobs in the agricultural and forestry sector.  
 
Eighteen months later, the EU’s energy ministers launched a Biomass Fuels Technology Program to 
focus on R&D both to support second generation biomass fuels, bio-refineries and efficient boiler 
technologies and to ensure the smooth operation of European and global energy markets.  EU 
member states choose the sectors in which they will promote biomass combustion (e.g. electricity 
generation, energy for heating or cooling, or biomass fuels for transportation), and establish 
incentives and penalties to achieve them.  
 
Coda Zabetta [102] has reviewed the operational challenges of burning biomass fuels ranging from 
wood pellets to demolition wood, eucalyptus bark, straw, rapeseed residues (with limestone 
additives), sunflower residues, rice husks, bio-sludge and meat and bone meal.  Eucalyptus bark, meat 
and bone meal and rapeseed residues introduce the highest concentrations of chlorine. Coda Zabetta 
also described the design of many recent boilers designed to fire biomass.   
 
Denmark has been a leader in the use of biomass to generate power [102].  Montgomery, Sander and 
Larsen have summarized Danish experience with straw-firing [45].  Three CHP grate-fired plants 
firing 100% straw were built as early as the late 1980’s [102].  To avoid aggressive corrosion, their 
steam temperatures were limited to 425-450°C (797 to 842°F).  In the early 1990’s the Danish 
government pledged to reduce CO2 emissions by 20% below 1988 concentrations and supported a 
substantial program of research [45].  The support of this research has gradually been transferred to 
electricity and heat consumers.  These programs optimized the design and materials of grate-fired 
boilers and promoted additional biomass usage by studying the co-firing of straw with fossil fuels.  
The boilers co-firing coal and straw did not experience corrosion of Type 347 stainless steel 
superheater tubes if the straw content of the fuel remained less than 10%.  However co-firing wood 
with coal is more common than co-firing coal with non-woody biomass.  Larger substitution of wood 
pellets for coal is used in older boilers with relatively low steam temperatures and pressures so as to 
avoid fouling and corrosion in their superheaters [102].  Selective catalyst reduction (SCR) systems 
were added to reduce NOx emissions.  Additions of ammonia reacted with the NOx within a catalyst 
bed to form nitrogen and water.  A 1993 Danish law required the larger power plants to burn 1.4 
million tons of biomass per year, including at least a million tons of straw.  By 2009, 8 straw-fired 
and one wood-fired boiler were operating in Denmark [30].   Denmark operates one of the most 
efficient power plants in the world at Avedøre, south of Copenhagen.  While Avedøre Unit 1 
primarily burns coal, its Unit 2 can burn natural gas, oil, straw and wood pellets. By simultaneously 
generating heat and electricity, Unit 2 extracts as much as 94% of the energy in the fuels with an 
electrical efficiency of 49%, making it one of the most efficient in the world.  We will discuss other 
aspects of this unit in sections 6.4.2 and 6.7.   
 
Swedish regulations governing the emission of NOx and NH3 are some of the strictest in the world.  
To meet these regulations, a 59 MWe boiler at Västerås injects limestone in the furnace to limit SOx, 
injects ammonia in the separator to reduce NOx emissions and uses a catalyst in the back pass to limit 
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NH3 emissions [102].  At Södertälje, a 73 MWe boiler, which also provides 219MW of district 
heating, operates at 90 bars (1305 psi) and 540°C (1004°F).  This unit is designed to fire up to 70% 
demolition wood with clean wood residues and REF pellets23.  To avoid fouling and corrosion the 
unit has: 

 Its final superheater located in the recirculated fluidizing medium, rather than in the flue gas 
environment of the convective pass. 

 Easily replaceable superheaters 

 An empty pass to increase residence time for the flue gases to cool and clean themselves 
before reaching the convective superheaters 

 Water cannons to clean deposits from the empty pass and spring hammers to remove deposits 
from the convective superheaters 

 Use of a stoker grate for more reliable and stable feeding of inhomogeneous fuels  

 Systems to add sulfur granules to raise the FMT of the superheater ash 

 
One major UK utility (E.ON) stated its intention to reduce its CO2 emissions by 50% from 1990 
levels by 2030 [127].  Diverting wood waste from landfills to power stations would have a substantial 
impact on greenhouse gases, particularly by reducing methane generation.   
 
6.2 CHARACTERISTICS OF BIOMASS FUELS 
 
Most biomass fuels have a high volatility, a heating value about one third that of coal and a relatively 
low sulfur content [69].  Hiltunen, Barišić and Coda Zabetta [103] suggested that, in order to 
understand the issues arising from their combustion, potential biomass fuels should be classified into 
one of three categories on the basis of the ash they form.  These categories are:  
 

Group 1: Biomass rich in Ca and K but lean in Si 
Group 2: Biomass rich in Si but lean in Ca and K 
Group 3: Biomass rich in Ca, K and P 

 
Most woody fuels belong to Group 1.  Examples of Group 2 fuels include herbaceous and agricultural 
fuels like rice husk, bagasse and spring-harvested reed canary grass.  Group 3 fuels include sunflower 
seed and rapeseed cakes. 
 
Wood ash (Group 1) starts to agglomerate and sinter at temperatures between 900 and 1000°C (1652 
and 1832°F).  Coal and peat ashes are generally trouble-free at these temperatures, even if their FMT 
is as low as that of biomass fuels.  Although the coal ashes are typically high in Al, Ca, alkali silicates 
and iron oxides, their Ca and alkali content is not in a reactive from.  Because woody biomass fuels 
produce much more reactive ashes, Hiltunen, Barišić and Coda Zabetta recommend that the hottest 
superheater tubes in biomass boilers should be removed from the corrosive environment into the 
milder environment of the loop seal.   

                                                 
23 REF (recovered fuel usually refers to the segregated high calorific fraction of processed municipal solid waste (MSW).  
Other terms used for MSW derived fuels include Solid Recovered Fuel, (SRF), formerly called Refuse Derived Fuel (RDF), 
Packaging Derived Fuel (PDF) and Paper and Plastic Fraction (PPF). 
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Group 2 fuels show diverse combustion properties and chemical compositions.  Some, like straws or 
cereals, have high K and Cl contents that can be reduced by washing the fuel (see Section 6.6).  Ashes 
from rice husk or bagasse combustion contain high concentrations of SiO2.  Ash from straw or cereal 
combustion softens at temperatures below 1000°C (1832°F) and may be completely molten at 1200°C 
(2192°F).  This produced bed agglomeration and causes corrosion in conventional superheaters24.   
 
Ash produced by the combustion of Type 3 fuels melts at temperatures between 700 and 1200°C 
(1292 and 2192°F), so these fuels cause severe fouling.  However, moderate concentrations can be 
co-fired with coal in CFB boilers and there are indications that they can be burned in CFB boilers 
with Ca-rich additives such as limestone [103].       
 
Johansson and others [70] agree that the corrosivity of the fireside environment arises from the 
release of HCl, alkali salts and water vapor with high concentrations of water vapor and oxygen (table 
1).  They summarized the concentrations of these aggressive components in coal, biomass and 
municipal wastes in the table reproduced below.  Most corrosion problems arise from the release of 
alkali salts and chlorine-containing gases during combustion processes.  The high concentrations of 
low melting temperature alkali salts in biomass and waste-fired boilers force operators to reduce the 
maximum steam temperature in the units in order to prevent unacceptable rates of corrosion.   
 

Table 1. Fireside environments and steam temperatures in modern boilers burning biomass, coal and 
municipal waste 

 
Condition Biomass Coal Municipal waste 

[O2] ~5% ~1% ~5% 
[H2O] 20-25% ~10% 20-25% 
Reactive alkali High Low High 
pSO2 Low High Low 
PHCl Low High High 

Maximum steam temperature 
~500°C  
(~932°F) 

550-600°C  
(1022-1112°F) 

400-450°C 
(752-842°F) 

 
 
6.3 EVALUATING BIOMATERIALS AS BOILER FUELS 
 
6.3.1 Wood Products as Biomass Fuels  
 
Test by Henderson and others [91] in the 540°C (1004°F) CHP unit that fires demolition wood and 
forest residues in Nyköping and the 98MW, 480°C (896°F) steam, bark-fired boiler at Munksund 
have concluded that conventional superheater steels must be replaced after about four years’ service 
when burning 100% wood fuels with steam temperatures above 480°C (896°F).  
 
Wood products are some of the most attractive biomass fuels because their combustion produces less 
fouling and corrosion and generates less ash than most other biomass.  However, because they take 
longer to grow, wood fuels may be more expensive than Group 2 energy crops (grasses and straw).  
Valmari and others [5] have studied ash deposits formed during the combustion of forest residues and 
willow in a 35 MW CFB co-generation plant.  They analyzed ash deposits collected downstream of 
the cyclone that removes the fluidizing medium and collected inorganic vapors and fly ash particles 

                                                 
24 i.e. superheaters located in the convective path and exposed to the flue gases.  
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on filters [5].  When forest wastes were being burned, 80% of the sulfur had already reacted with ash 
particles larger than 1 micron in diameter by the time the flue gases left the cyclone at 810−850 °C.  
As a consequence, alkali sulfate particles were not produced in significant quantities during the 
combustion of forest residues.  However, when willow was burned, about half the sulfur was still 
unreacted SO2 and half was in alkali sulfate particles when the gasses left the cyclone.  Sampling of 
flue gases at 810-850°C (1,490-1,562°F) showed that chlorine was present as gaseous species 
(presumed by the authors to be KCl and HCl) with both fuels.  
 
The second part of Valmari’s study [129] studied the fate of the fly ash particles.  Between soot 
blowing operations, 70 +/-10% of the fly ash deposited on the heat exchanger surfaces in the 
convective back pass (i.e. on the superheater tubes).  Almost all the particles larger than 10μm were 
deposited on the tubes, but almost all the particles smaller than 3μm passed through the superheater 
without depositing.  This is consistent with the observations of Backman, Hupa and Skrifvars [116].  
The probability of deposition was independent of the particle composition.  About half the alkali 
chloride vapors (KCl + NaCl) condensed onto fly ash particles smaller than 0.6μm and about half 
condensed onto larger particles.  Alkali chloride concentrations in the largest fly ash particles 
(>10μm) were lower, suggesting that rates of penetration were relatively slow.   
 
6.3.2 Straw as a Biomass Fuel 
 
Early work in Denmark [14] showed that rates of ash deposition when burning wheat and barley 
straws correlated with the potassium concentration in the straws.  However, Jensen, Stenholm and 
Hald observed that deposition rates on both furnace tubes and superheater tubes changed substantially 
as individual straw bales were combusted in 23 and 31 MW straw-fired power plants. 
 
Nielsen, Frandsen and Dam-Johansen [10] described more detailed laboratory tests simulating 
superheater conditions in straw-fired boilers.  A 12% Cr boiler tube steel (X-20) and Type 347HFG 
stainless steel were covered with synthetic (KCl-K2SO4) or boiler deposits and exposed to a synthetic 
fuel gas (N2-6%O2-12%CO2-400ppmHCl-60ppmSO2) at 550°C (1,022°F).  The dense outer layer of 
the deposit consisted of threads of iron oxide in a potassium sulfate matrix.  The corrosion products 
consisted mainly of iron and chromium oxides.  All test specimens covered with KCl suffered minor 
internal corrosion and some had chloride-filled pits.  The corrosion mechanism proposed by Nielsen, 
Frandsen and Dam-Johansen [10] involves attack by gaseous chlorine coupled with rapid sulfation of 
KCl to K2SO4 in a melt of KCl, K2SO4 and iron compounds adjacent to the metal.  Chlorine corrosion 
mechanisms in biofuel combustion will be discussed in more detail in Section 6.5.   
 
Montgomery, Carlsen, Biede and Larsen [49] installed three test loops in the superheaters of the 
Masnedø straw-fired CHP plant to investigate the corrosion resistance of candidate alloys at higher 
temperatures than those experienced in the boiler. The steam flow in the test loops was controlled 
independently of that in the main superheaters to obtain an outlet temperature of 585°C (1,085°F).  
The alloys in the test loops (fine- and coarse-grained Type 347 stainless steel and an Fe-17Cr-13Ni 
alloy) had chromium contents ranging from 12% to 22%.  All three alloys showed similar corrosion 
rates.  Corrosion began at surface grain boundaries and continued as internal oxidation of Cr at the 
grain boundaries and within the grains.  Where the chromium-rich oxide failed, the remaining 
alloying elements appeared in the scale.  The authors attribute the corrosion primarily to active 
oxidation caused by chlorine-containing species.   
 
Tubes adjacent to the welds joining the test sections of tubes showed apparent galvanic corrosion.  
This corrosion was beside welds made with Alloy 625 filler and was more severe on Type 347H 
stainless steel than on 18/8-type alloys.  Montgomery noted that Kawahara had found similar 
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corrosion adjacent to Alloy 625 welds only when a temperature gradient existed between the alloy 
substrate and the flue gas25.  Montgomery concluded that the electrolyte supporting this galvanic 
corrosion could have been a eutectic mixture of potassium chloride and iron chloride, possibly also 
containing nickel chloride [49]. 
 
Montgomery and others published a series of seven reports about the corrosion studies at Masnedø 
[97].  Corrosion profiles around the circumference of tube samples cut out of the test superheaters 
were evaluated using data collected by automated image analysis.  Variations in these corrosion 
profiles were interpreted in terms of variations in flue gas flow and deposition patterns.  Because rates 
of oxide formation on the inside (steam side) of Type 347H stainless steel tubes followed a parabolic 
rate law, steam side oxide thicknesses were used to estimate the local tube temperature and therefore 
the heat-flux distribution along test tubes.     
 
Later studies by Jensen and others [9] noted that straw burned in small-scale CHP grate boilers in 
Denmark produces more rapid deposition and more severe corrosion than coal combustion.  Jensen 
collected superheater deposits from straw-fired boilers at Masnedø and Ensted.  The Masnedø unit 
had a relatively large superheater with a final steam temperature of 520°C (968°F) but did not use 
soot blowing in this superheater.  Ensted had a final steam temperature of 470°C (878°F) but used an 
external wood-fired superheater to obtain a final steam temperature of 542°C (1008°F).  Mature 
superheater deposits from Masnedø were from 2 to 15 centimeter (cm) (3/4” to 6”) thick and 
consisted of three layers. The innermost layer contained iron oxide, KCl, and K2SO4. The 
intermediate layer was depleted in chlorine but rich in Si, K, and Ca.  The authors concluded that this 
was formed by reactions between KCl and silica-rich particles that released chlorine-containing gases. 
 The Ensted deposits had a maximum thickness of a few centimeters.  The intermediate layer 
consisted of melted KCl with Ca- and Si-rich inclusions over an inner layer of iron oxides and a 
potassium sulfate layer.  The inner layers of pure KCl and K2SO4 in mature deposits were thicker and 
denser than samples collected during brief exposures of deposit probes.  The authors concluded that 
the innermost layer of the deposit expanded by accumulation of KCl (producing active corrosion), 
even when the deposit had a thickness of several centimeters. 
 
Frandsen [82] described full-scale analysis campaigns to understand the combustion chemistry in 
different types of boilers.  Laboratory studies were used to clarify mechanisms of deposit sulfation 
and tube corrosion.  Deposit formation reactions were studied in the Sandia multi-fuel combustor.  
Straw firing produced bottom ash deposits of K and K-Ca silicates.  In the superheater area K 
deposited primarily as KCl unless the fuel contained large quantities of sulfur that increased the 
fraction of K2SO4 in the deposits.  Superheater deposits contained an inner layer of KCl or K2SO4, 
under iron oxide.  The appearance of the innermost KCl deposits suggested they had been molten.  
Frandsen suggested that the sulfation reactions accelerated when these deposits melted.  The release 
of Cl2/HCl could then cause active oxidation.  Deposits formed when co-combusting 20% straw 
(energy basis) in coal did not contain Cl.   
 
Related later work from Frandsen’s group [23] reported the melting properties of ash fractions 
collected from a pilot-scale pulverized fuel boiler operated with a range of coal/straw fuel blends.  
Increased fractions of straw reduced the viscosity of the ash (presumably because of KCl 
accumulation), increasing the stickiness of the ash at low temperatures and increasing its tendency to 
cause corrosion.   
 
Paul Kilgallon, Nigel Simms and John Oakey collected data on composition ranges measured in 

                                                 
25 Montgomery cited this work as: Y. Kawahara, M. Kira and M. Ike, Science Reviews: High temperature corrosion and 
protection 2000, p627, but I have not been able to find the complete reference.  



 

42 
 

wheat straw and in British coal [109].  They showed that mixing 20% straw with wood or with coal 
produced gas compositions well within the ranges predicted for firing different coals.  Corrosion rates 
anticipated for these dilute mixtures of biomass in coal were therefore expected to be similar to those 
observed for firing 100% coal or 100% wood.   
 
Later tests in Danish plants reported by Montgomery, Jensen, Hansson, Biede and Vilhelmsen [30] 
were made by installing test sections of tubes in the superheaters of the straw-fired CHP boilers at 
Maribo Saskøbing and Avedøre 2.  Their installation was similar to that of the test superheaters at 
Masnedø described above [49].  Detailed information about temperatures in both the test sections and 
other parts of the superheater was collected using thermocouples.  Tube samples removed from the 
boilers were covered with deposits of KCl, K2SO4 and some iron oxide.  Such oxides as remained on 
the tube surfaces were porous and spalled easily.  The outer portion was an iron-rich oxide.  The inner 
portion was an iron-chromium-rich oxide.  Chromium was preferentially attacked where it was 
accessible at grain boundaries in the tube surface.  The authors concluded that the overall corrosion 
reaction was active oxidation.  Welds made with matching filler showed some selective attack of 
chromium and some preferential attack adjacent to welds that was attributed to galvanic corrosion in a 
low melting temperature mixture of alkali chlorides with metal chlorides or oxychlorides (as in [49]). 
 Tube thickness data were used to project the average worst case tube thickness loss after 100,000 
hours (11.5 years) service in the No. 3 and No. 2 superheaters at Maribø as about 3.9 mm and 1.25 
mm (0.15” and 0.05”) respectively.  The higher of these thickness losses represents an annualized 
thinning rate of Type 347H tubes of 0.34mm per year (0.013” per year).  Montgomery, Jensen, 
Hansson, Biede and Vilhelmsen concluded that such corrosion rates would be tolerable.   
 
Thermography [30] at Maribø showed that superheater tube surface temperatures increased 
substantially when the tubes were covered with deposits.  Deposits with surface temperatures above 
950°C (1,742°F) were seen to have molten deposits running off them.  Similar observations have 
been made in the Avedøre 2 unit.   
 
Because the insulating deposits made it difficult to clarify relationships between tube temperature, 
flue gas temperature and corrosion rate, calculations were made to estimate the increase of tube 
temperature produced by increasing heat flux [30].  These showed that increasing heat flux due to 
locally high flue gas temperatures produced very little increase in the surface metal temperature.  For 
example, in the Maribø superheater 3, a doubling of heat flux from 6,800 to 12,200 w/m2 produced an 
estimated temperature increase of only 6°C (11°F).  However, both the Maribø and Avedøre 
superheaters showed high corrosion rates where there was the highest heat flux.  The authors noted 
that effects of increased flue gas temperature are complex, because they can simultaneously affect the 
thickness, composition and morphology of the deposit and the degree of deposit sulfation.  This is 
consistent with results from several other research groups who have shown that temperature gradients 
increase corrosion rates at constant tube temperature, as discussed in Section 4.3.1. 
 
As in the earlier studies at Masnedø [97] the steam side oxidation at Maribø followed a parabolic 
growth curve, so the steam side oxide thickness provided an in-place estimate of the tube temperature 
[30].  However, extrapolations of these thicknesses indicate that steam side oxides could be thick 
enough to spall before a 100,000 hour service life is reached.  Spalled oxides can block tubes and 
damage turbines.   
 
6.3.3 Rice Husk as a Biomass Fuel 
 
Skrifvars and others have reported the fouling behavior of rice husk fuels in fluidized bed combustion 
in a series of two papers [77, 17].  Rice husk can be considered an opportunity fuel, but is rarely used 
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as a primary fuel.  It produces millimeter-sized ash particles that are almost pure silica with a few 
percent of potassium.  The FMT of this ash is very high.  Short term (3-10 hour) exposures of deposit 
probes were made in the superheater of a large (157MW) fluidized bed BFB burning rice husks and 
eucalyptus bark and systematic studies of the relationship between the fuel mixture ratio and the 
fouling tendency of the fly ash were made in an entrained flow reactor.  Burning only rice husks 
produced no fouling in either the boiler or the entrained flow reactor.  Burning eucalyptus bark alone 
caused significant fouling.  The fouling tendency of mixtures of the two fuels showed a non-linear 
dependence on the mixture ratio, suggesting that the rice ash had an erosive, cleaning action on the 
fly ash mix.  
 
6.3.4 Salix as a Biomass Fuel 
 
Skrifvars and others [25] reported a detailed study of the potential for agglomeration, fouling and 
slagging problems that might arise if Swedish willow (Salix viminalis), a fast-growing energy crop, 
was burned in a 12MW circulating fluidized bed boiler.  Bed agglomeration and fouling documented 
during the full-scale testing were interpreted in light of thermodynamic equilibrium calculations of 
stable species and melting temperatures.   
 
6.3.5 Rapeseed as a Biomass Fuel 
 
Studies of the fate of alkali metals and phosphorus during the co-combustion of Group 3 fuel 
rapeseed cake were recently described by Piotrowska and others [130,157].  When co-combusted with 
wood chips and pellets in a 12 MW boiler [130], the rapeseed fuel caused agglomeration of the 
fluidizing material and fouling of the superheaters.  These problems were attributed to the high 
concentration of P-rich phytic acid and alkali salts in the fuel.  Gaseous K vapors attacked silicate bed 
particles on the bed surface, and the sticky silicates attracted ash particles rich in P.  Deposits 
enriched in K, Na and P also built up on the windward side of a test probe.  When limestone was 
added to the boiler, calcium silicate formation was suppressed but P was retained in the bed, probably 
because it formed high melting temperature Ca3(PO4)2.  Limestone additions also increased the KCl 
concentration upstream of the convection pass and decreased the P concentration in the fly ash.   
 
6.3.6 Uncommon Biomass Fuels 
 
Capablo [4] compared ash deposits produced by firing uncommon biomass wastes such as pectin 
waste, mash from a beer brewery and waste from cigarette production with ash deposits from wood 
and straw firing.  Ash behavior was studied during suspension firing in an entrained flow reactor and 
in a burner rig.  Results were interpreted using thermodynamic equilibrium calculations and the ash 
properties were classified according to a sequential analysis.  The fuels were divided into three groups 
according to the content of silica, alkali metals and calcium and magnesium in their ash (comparable 
to the classification in Section 6.2).  The classification was refined by measuring the molar ratio of 
Cl, S and P to alkali.  The influence of the fuel ash composition on ash transformation rates, ash 
deposit flux and deposit chlorine content can be gauged from these classifications.     
 
6.4 CO-FIRING BIOMASS WITH OTHER FUELS 
 
Co-firing biomass fuels with coal can reduce the fouling problems associated with biomass burning.  
Pilot studies by Robinson, Junker and Baxter [19] showed that co-firing biomass with coal reduced 
the ash deposition rates from the high values characteristic of biomass fuels towards those of coal.  
The primary interaction between the biomass and the coal was the sulfation of alkali species released 
by the biomass by sulfur released by the coal.  This had two consequences.  The sulfation reduced ash 
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deposition rates by raising the melting temperature of the ash deposits and making them less sticky.  
Sulfation also reduced the chlorine content of the deposits, again making make them less corrosive.  
Krause and others concluded in 1979 [149] that corrosion rates increase significantly when the S/Cl 
ratio in a boiler fuel falls below 2 and that corrosion was not problematic when the S/Cl ratio 
exceeded 4.  In 2000, Salmenoja and Mäkelä [69] stated that the best way to avoid corrosion when 
firing biomass was to keep the S/Cl ratio in the fuel greater than 2 and, preferably, greater than 4.  In 
2002, Robinson, Junker and Baxter [19] concluded that to completely eliminate chlorine from ash 
deposits, the ratio of sulfur to alkali in the fuel should exceed 5 times the sulfur-to-alkali 
stoichiometric ratio.  Salmenoja and Mäkelä presented the table reproduced as Figure 6 to compare 
the S/Cl molar ratio in dry biomass fuels with those of coal and wastes.   
 

 
 

Fig. 6. Sulfur/chlorine ratios in boiler fuels. 

 
The easiest way to achieve this sulfation of low melting temperature chlorides is to blend high sulfur 
fuels such as oil, peat and coal with the high chloride biomass fuel.  Co-firing biomass fuels with coal 
was reviewed in Section 4.6, above and will not be discussed further here.   
 
6.5 EVALUATING MATERIALS PERFORMANCE IN BIOMASS BOILER 

SUPERHEATERS 
 
Backman, Hupa and Skrifvars [116] noted that ash deposits formed on biomass boiler superheaters 
consist mainly of carbonates, sulfates and/or chlorides of calcium, magnesium, potassium and 
sodium, derived from the fuel.  The authors concluded that fouling tendency cannot be estimated from 
studies of the fuel ash alone.  Instead the actual deposits formed during biomass combustion must be 
studied.  Deposit compositions varied with distance from the tube surface.  Na and K were 
concentrated near the tube surface, while calcium concentrations were higher at the outer surface of 
the deposit.  The concentration of chlorides at the tube surface was taken to indicate that they were 
involved in the early stages of deposit formation.   
 
Backman and his co-authors also studied the large inorganic ash particles that impact boiler tubes in 
the convective section after being swept along by the flue gases.  Unlike these large particles, 



 

45 
 

submicron particles are transported by diffusion or thermophoresis.  In addition, volatile compounds 
in the flue gas (like alkali chlorides) can condense onto the relatively cool surface of superheater 
tubes.  Backman, Hupa and Skrifvars noted that these processes tend to produce deposits of differing 
thickness and composition of the windward and leeward sides of superheater tubes.   
 
Salmenoja and Mäkelä published an overview of superheater corrosion in biomass boilers [69].  They 
identified Cl2, HCl and alkali chlorides as the most important corrosives.  HCl is mainly of concern 
on furnace wall tubes where the environment can be reducing.  The FMTs of superheater tube 
deposits in the boilers studied ranged as low as 530°C (986°F) and the authors commented that 
molten phase formation can produce superheater corrosion rates exceeding 10mm/year (nearly 0.4” 
per year) [150]. 
 
Mäkipää, Baxter, Sroda and Oksa have described laboratory methods for evaluating candidate 
materials for biomass boiler superheaters [78].  Field tests carried out in many operating boilers 
showed that whenever corrosion occurred, sulfation of the deposits was observed. In short-term tests 
the Cl/(Na+K) ratio was very high, indicating that most of the alkali salts were chlorides.  James and 
Pinder [148] have also suggested that Cl accumulation at the alloy/scale interface may weaken the 
scale/alloy bond.  In long-term tests, however, this ratio was very small on both the windward and 
leeward sides of the tubes, indicating that the alkali chloride deposits had reacted to form sulfates.  
The HCl released in the sulfation reactions was thought to have caused active oxidation [146].  In 
light of work by Folkeson, Johansson and Svensson [35] showing that corrosion by HCl in the 
absence of alkali metal chlorides produced metal chlorides throughout the scale but did not show the 
concentration of chlorides at the scale/metal interface that is characteristic of active oxidation, 
Mäkipää’s conclusion seems doubtful. 
 
Coleman, Simms, Kilgallon and Oakey [96] reported laboratory procedures to assess the corrosion of 
high temperature tube materials during the combustion of potential biomass fuels.  Their study 
focused on the effects of high K and Cl concentrations released by fast-growing energy crops.  1000-
hour tests were carried out at 450-600°C (842-1112°F) with gas compositions and deposits (refreshed 
by re-coating) selected to simulate biomass combustion.  Six alloys were studied:  1% Cr steel, 2.25% 
Cr steel (T23), 9% Cr steel (T91), 12% Cr steel (X20CrMoV121), Type 347HFG stainless steel and 
Alloy 625.  Corrosion was assessed by thermogravimetry and by dimensional metrology before and 
after exposure.  This experimental approach, also used at Åbo Akademi, E.ON Engineering and 
elsewhere, involves using automated image analysis to robotically scan the circumference of a tube 
sample and make statistical analyses of the depth of penetration and the corrosion product thickness.  
Pre-exposure measurements were made using a micrometer and post-exposure damage was assessed 
with an automated image analyzer system.  The original dimensions of the tube can be measured by 
sectioning an electroless-nickel-plated ring around the tube sample [147].   
 
Hiltunen, Barišić and Coda Zabetta [103] emphasized that alkali salts, in particularly alkali chlorides, 
cause superheater corrosion both by lowering the FMT of superheater ash and by releasing chlorine 
when they are converted to sulfates by reaction with sulfur compounds.  The release of chlorine can 
cause active corrosion on the tubes.  Boiler operators typically keep tube temperatures below the 
FMT of the deposits to avoid the rapid wastage caused by molten deposits.    
 
In 2008, Pinder summarized materials challenges in biomass combustion identified in the MatUK 
Strategic Research Agenda [127].  This agenda noted the importance of achieving good energy 
efficiency in biomass combustion.  Except in Denmark, conversion efficiencies are generally low and 
steam temperatures are limited because of fouling and corrosion risks.  For example, Pinder pointed 
out that even the most energy efficient straw-burning plants in Sweden achieve conversion 
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efficiencies of only about 29% and are restricted to superheater temperatures of 540°C (1004°F) and 
pressures of 92 bar (1334 psi), compared with current targets for coal-fired plant of 650°C/300bar 
(1,202°F/4,350psi). He anticipates that Type 347H superheater tubes in a UK straw-fired power 
station will need to be replaced every 5 years.  Reducing the steam temperature by 10°C (18°F) would 
nearly triple the life of these tubes.  Other options being explored are the application of Alloy 625 
weld overlay or of other protective coatings to the tubes and the use of anti-corrosion additives 
containing calcium/phosphorus or sulfur.    
 
6.6 EFFECTS OF BIOMASS CHLORINE ON SUPERHEATER CORROSION 

MECHANISMS 
 
Ten years of research at Chalmers University of Technology on superheater corrosion caused by 
chlorine species in biomass-and waste-fired boilers, summarized by Johansson, Skog and others [70, 
84], identified two mechanisms as critical to the corrosion of Cr2O3-forming alloys.  These involve 
vaporization and fluxing, respectively.  High temperatures and rapid gas flow increase rates of 
evaporation of chromium from the chromium-rich protective oxide on alloy surfaces:   

 
Cr2O3(solid) + 2H2O(gas) + 3/2 O2(gas) → 2CrO2(OH)2(gas) 

 
The lost chromium may be replenished from the alloy, but if the rate of evaporation exceeds the rate 
of supply, the Cr2O3 scale gives way to an unprotective M3O4 spinel beneath an outer layer of Fe2O3.   
 
The formation of alkali metal chromates fluxes away the Cr2O3 from the oxide surface:   

 
Cr2O3(s) + 4KCl(s) + 2H2O(g) + 3/2 O2(g) → 2K2CrO4(s) + 4HCl(g) 

 
As with the volatilization of CrO2(OH)2, the fluxing of Cr2O3 by alkali salts leads to the formation of 
an unprotective (Fe,Cr)3O4 spinel beneath an outer layer of Fe2O3.  This allows inward penetration of 
chlorine-containing gases and accelerated active oxidation of the alloy that forms a sub-scale of 
FeCl2. 
 
At boiler temperatures even small concentrations of KCl and K2CO3 are much more damaging than 
the oxygen and water vapor environments that promote scale volatilization.  Note that K2SO4 is much 
less corrosive than KCl because it does not react with Cr2O3 to form K2CrO4.  This difference in 
reactivity between KCl and K2SO4 forms the basis of many approaches to controlling superheater 
corrosion by sulfation, i.e. by adding sulfur compounds to convert corrosive potassium chloride to 
less reactive potassium sulfate: 
 

2KCl(solid) + SO2(gas) + 1/2O2(gas) + H2O(gas) → K2SO4 + 2HCl(gas) 
 
Liu, Maier and Hein [1] studied the fireside corrosion kinetics in ashes formed from the combustion 
of straw, wood or lignite coals in a 0.5 MW pulverized fuel boiler.  The test gas environment 
contained HCl, H2O, SO2, O2 and N2.  Alloys T-24 (: ferritic 2¼Cr), HCM12A (ferritic-martensitic, 
12Cr) and NF709 (austenitic 20Cr-25Ni) all showed “active oxidation” beginning as pitting 
corrosion.  Detailed analyses of the corrosion morphologies produced on ferritic, martensitic and 
austenitic boiler steels were described in a second paper by the same authors [110].  The Cr content of 
the ferritic steel was too low to offer much protection and the corrosion product was thick and porous. 
 Martensitic steels suffered isolated corrosion that was within alloy grains, while austenitic steels 
suffered deep grain boundary attack.   The authors related this corrosion morphology to the carbide 
attack.  Carbides in the martensitic steel were finely-dispersed, while carbides in the austenitic steel 
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were segregated to the grain boundaries.  Severe grain boundary attack occurred under chlorine-rich 
deposits at 650°C (1202°F). 
 
Pettersson, Flyg and Viklund [83] describe 960-hour laboratory exposures at 550 and 700°C (1022 
and 1292°F) under KCl-K2SO4 deposits in synthetic gas mixtures designed to simulate biomass boiler 
superheaters. The gas environment contained 13% CO2, 5% O2, 15% H2O, 0.02% HCl with the 
balance nitrogen, as established by the PREWIN European network on performance, reliability and 
emissions reduction in waste incinerators.  The eutectic temperature of the salt mixture was 690°C 
(1274°F).  2% and 9% Cr steels, Type 304 stainless steel and Alloy 253MA (Fe-21Cr-11Ni-1.6Si-Ce) 
were evaluated.  Alloy 253MA was the best performer, apparently because of the 1.5% Si it 
contained. Limited formation of metal chloride reaction products was ascribed to the accumulation of 
SiO2 in a partial internally-oxidized layer under the corrosion product. 
 
The effects of alkali salt deposits on the initial stages of high temperature corrosion of Type 304L 
stainless steel in a 12MW CFB research boiler were reported by Pettersson and others at Chalmers 
University [36].  The base fuel was a mixture of 2/3 wood chips and 1/3 pellets.  Superheater deposits 
formed on a superheater probe during the combustion of this fuel were almost entirely K2SO4.  When 
HCl was added to the fuel, KCl deposits were formed and when both HCl and SO2 were added, a 
mixture of KCl and K2SO4 was formed, simulating the deposits formed by burning biomass. As ash 
accumulated on the probe surface, the outer surface of the Cr2O3 became enriched in potassium 
(possibly as K2CrO4).  Although this oxide remained protective and did not contain chlorine, the 
authors suggested that during longer exposures the protective Cr2O3 would react with the KCl 
deposits to form unprotective K2CrO4 and allow active oxidation to begin [36].    
 
Davidsson and others continued this work with a study of the effects of HCl and SO2 added to a CFB 
combustor on the composition of deposits, fly ash and flue gas composition [21].  Adding gaseous 
SO2 and an aqueous solution of HCl increased both the formation of submicron particles and the rate 
of deposition of K2SO4 and KCl on a deposit probe.   
 
Folkeson, Johansson and Svensson [35] studied the initial effects of adding HCl vapor on the 
corrosion on Type 310 stainless steel in nitrogen environments containing O2 and 10 ppm H2O at 
500°C (932°F).  This paper is important because it shows that active oxidation, cited as the cause of 
most biomass superheater corrosion under chloride ash deposits, is not caused by HCl in the absence 
of alkali salt deposits.  Folkeson’s addition of 500 ppm of HCl accelerated the oxidation of Type 310 
stainless steel.  However, the corrosion products formed in these environments that did not contain 
alkali salts did not show the concentration of chlorides at the scale/metal interface that is 
characteristic of active oxidation.  Instead, metal chlorides were present throughout the scale.  Iron 
chloride was present even at the scale/gas interface, while in active oxidation, chlorides dissociate to 
oxides at the higher oxygen partial pressures in the outer portion of the scale.  In the test environment 
(5% O2, 10 ppm H2O, 500 ppm HCl at 1 bar and 500°C (932°F), the equilibrium partial pressure of 
Cl2 would have been 150 x 10-6 bar.  The formation of elemental chlorine in this environment: 
 

2HCl(gas) + ½O2(gas) → Cl2(gas) + H2O(gas) 
 
would be slow in the absence of a catalyst.  Without a source of chlorine gas to diffuse through the 
scale and produce conventional active oxidation, the authors proposed other ways in which chloride 
ions could be produced at the scale/gas interface.  Chlorine molecules could dissociate at the scale 
surface to be reduced to chloride ions by electrons generated by corrosion at the scale/metal interface. 
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Cl2 + 2e- → 2Cl-(adsorbed) 
 
Alternatively, HCl could be reduced to chloride ions in the presence of oxygen 
 

2HCl(adsorbed) + ½ O2(adsorbed) +2e- → 2Cl-(adsorbed) + H2O(gas) 
 
Chloride is not expected to substitute for oxide ions in an iron oxide lattice and chloride ions have 
limited solubility in iron oxides.  Therefore the iron chloride scales are thought to have formed by 
reaction between inwardly diffusing chloride ions that penetrate the scale by grain boundary diffusion 
and outwardly diffusing ferrous ions. As the proportion of iron chloride in the scale increases, 
diffusion rates through it (and hence corrosion rates) would increase.  The fact that iron chlorides 
remain at the scale/gas interface is ascribed to the slow rate of iron chloride decomposition.  Iron 
chlorides have a significant vapor pressure, so vaporization losses make mass change an unreliable 
measure of corrosion rate.   
 
Thin portions of the scale were mainly chromium oxide.  Chromium chlorides were not present 
because of reaction with hematite: 
 

2CrCl2(solid) + Fe2O3 → 2FeCl2(solid) + Cr2O3(solid) 
 
Above the grain boundaries in the alloy, where the imperfect lattice structure allows more rapid 
delivery of chromium from the alloy, the FeCl2 + Cr2O3 scale forms a healing subscale that is 
relatively pure Cr2O3 under an outer layer of FeCl2 that is being thinned by volatilization. 
 

2FeCl2(gas) + 3/2 O2(gas) → Fe2O3 + 2Cl(gas) 
 
J. Pettersson, J-E. Svensson and L-G Johansson [131] showed that the KCl-induced corrosion of Type 
304 stainless steel in an O2-H2O environment increased rapidly with temperature within the range 
400-600°C (752-1112°F).  At 600°C (1112°F) the addition of KCl increased the oxide thickness by 
up to two orders of magnitude [34].  The same authors made a detailed comparison of the corrosion of 
Type 304 stainless steel by KCl, K2CO3 and K2SO4 [32].  Short-term thermogravimetric tests in O2 + 
H2O at 600°C (1112°F) showed that KCl and K2CO3 both reacted with Cr2O3 on the alloy surface to 
form K2CrO4, as follows: 
 

½ Cr2O3(solid) + 2KCl(solid) + H2O(gas) + ¾ O2(gas) → K2CrO4(solid) + 2HCl(gas) 
½ Cr2O3(solid) + K2CO3(solid) + ¾ O2(gas) → K2CrO4(solid) + CO2(gas) 

 
The presence of water vapor accelerated the volatilization of Cr2O3 as follows: 
 

½Cr2O3(solid) + H2O(gas) + ¾O2(gas) → CrO2(OH)2(gas) 
 

The HCl and CrO2(OH)2 released by these reactions have significant equilibrium vapor pressures so 
their removal by flowing gases increases the corrosion rate.  Paul, Clark and Eckhardt reported a 
similar corrosion rate increase when adding 2 v/o of water vapor to a coal-fired combustion 
environment [121].  
 
After the depletion of Cr2O3 by chromate formation or chromic acid volatilization exceeds a critical 
amount, the protective scale gives way to a thick layer of Fe2O3 over an unprotective (FeCrNi)3O4 
spinel.  This non-protective oxide can be penetrated by chlorine species that cause further acceleration 
of the corrosion rate by active oxidation [32].   
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The formation of K2CrO4 did not account for all the chloride and carbonate that was present.  The 
authors attribute the difference to the vaporization of KCl and K2CO3.  The vaporization of K2CO3 

produces KOH, which may itself cause corrosion. 
 

K2CO3(solid) + H2O(gas) → 2KOH(gas) + CO2(gas) 
 
In contrast, K2SO4 deposits did not produce K2CrO4 and did not significantly accelerate the corrosion 
of Type 304 stainless steel in O2 + H2O at 600°C (1112°F). This is consistent with thermodynamic 
data showing that the reaction of K2SO4 with Cr2O3 is not favored.   
 
The authors also noted that K2SO4 deposits can contribute to corrosion by forming eutectics.  In the 
systems KCl-K2SO4 and K2CO3-K2SO4 eutectics form at temperatures as low as 658 and 788°C (1216 
and 1450°F), respectively.   
 
Later studies with Sandvik 28 [37] showed that like Type 304 stainless steel [32], it formed a 
protective, chromium-rich oxide in dry oxygen at 600°C (1112°F).  However, while the addition of 
water vapor to the oxygen caused rapid oxidation on Type 304, associated with the vaporization of 
CrO2(OH)2, the O2 + H2O environment did not accelerate oxidation on Alloy 28.  This was attributed 
to the greater availability of chromium in Sanicro 28.  The addition of KCl to this environment by 
spraying KCl droplets on the alloy surface caused rapid attack on both alloys.  Most of the KCl had 
reacted within the first 24h exposure, after which the corrosion rate was much lower.  The corrosion 
products were outward-growing sesquioxides – Fe-rich (Fe0.9,Cr0.1)2O3 on Type 304 and mixed 

(Fe0.5,Cr0.5)2O3 on Sanicro 28 - over inward-growing (Fe,Cr,Ni)3O4 spinels.  These scales also 
contained K2CrO4, especially near the surface.  Preferential corrosion took place far from the surface 
grain boundaries in Type 304 stainless steel, where evaporated CrO2(OH)2 could not easily be 
replaced.  The preferential formation of K2CrO4 above surface grain boundaries in Sanicro 28 was 
attributed to the increased availability of chromium at these locations.  Although Sanicro 28 
contained a sufficient reserve of chromium to form a healing Cr2O3 layer in these experiments where 
small KCl deposits were applied at the beginning of the experiment, the authors pointed out that 
continuous supply of KCl in an operating biomass boiler would present much more of a challenge to 
this alloy [37].        
 
Field tests by Pettersson and others in the superheater of a 75MW waste-fired CFB boiler at Händelö, 
Sweden, showed that adding an amount of sulfur calculated to convert all the alkali chlorides in the 
fuel to sulfates suppressed the deposition of alkali chlorides and eliminated the formation of K2CrO4 

[33].  This affirms Petterson’s laboratory work showing that alkali sulfates do not react with the 
protective Cr2O3 [32].   
 
6.7 FUEL TREATMENTS TO REDUCE CORROSION 
 
6.7.1 Introduction 
 
Because alkali sulfates have higher melting temperatures and are much less corrosive than alkali 
chlorides, great efforts have been made to develop methods for converting alkali chlorides (and 
carbonates) into alkali sulfates by reaction with sulfur compounds.  This conversion has been 
achieved both by blending high chloride fuels with high sulfur fuels and by using additives to raise 
the concentration of SO2 or SO3 in the flue gas.   
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6.7.2 Sulfation Additives 
 
6.7.2.1 Co-firing with high-sulfur fuels 
 
Co-firing biomass with other fuels is the most widely practiced method of corrosion control.  In 
countries where biofuel combustion is mandated, other fuels may be added simply to dilute the 
biofuel.  However co-firing with high sulfur fuels has the added benefit of converting corrosive low 
melting temperature alkali chlorides into much less corrosive and higher melting temperature alkali 
sulfates.  For example, Johansson, Leckner, Tullin, Åmand and Davidsson [16] found that fine (<1 
μm) fly ash particles produced during combustion in a biomass boiler were largely KCl.  However, 
when a sulfur-bearing additive was introduced, the fine particles were mostly K2SO4.  Replacing part 
of the biomass fuel with sludge, or adding kaolin, reduced the deposition rate because of the sulfation 
of alkali chlorides by sulfur from the sludge. 
 
Aho and others [72] noted that preventing Cl deposition by mixing Cl-rich fuels with S-rich fuels, i.e. 
  
 

2MCl + SO2 + ½ O2 + H2O → M2SO4 + 2HCl 
 
(where M is an alkali metal) is not effective unless the Ca/S ratio is low.  The sulfation reactions will 
be accelerated if some of the sulfur addition is converted from SO2 to SO3.   
 
6.7.2.2 Sulfur dioxide 
 
Skog and others [84] report the addition of SO2 to the fuel in a 75MW waste-fired boiler at Händelö 
(near Norrköping, Sweden) to produce the reaction: 
 

2KCl(s) + SO2(g) + ½ O2(g) + H2O → K2SO4(s) + 2HCl(g) 
 

The amount of SO2 added was controlled to be sufficient to react with the measured content of alkali 
salts.  The SO2 completely suppressed chromate formation on the boiler tubes but did not entirely 
prevent the deposition of alkali chlorides.  Evidently the HCl vapor is less damaging than molten 
KCl.   
6.7.2.3 Ammonium sulfate 
 
In 2002 Vattenfall AB patented the use of reagents such as (NH4)2SO4, NH4HSO4, H2SO4 and FeSO4 
[105] for avoiding problems when burning chlorine-containing fuels.  Most of this company’s 
subsequent publications describe the use of ammonium sulfate.  The technology is marketed as 
ChlorOut® [76].  This system uses a previously developed in-situ alkali chloride on-line monitor [7] to 
control the addition of ammonium sulfate according to the concentration of alkali in the flue gas 
stream.  This uses a surface ionization technique.  It can detect concentrations as low as about 1ppb 
and as high as about 10ppm.  The measured alkali concentration corresponds to the sum of the 
concentration of alkali vapors and fine particles.  Coarse particles can also be analyzed using a pulse 
counting method.   
 
The decomposition of ammonium sulfate to form SO3 can be written: 
 

(NH4)2SO4 → SO3 + 2NH3 + H2O 
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The actual situation is much more complex [72].  Water-soluble sulfates can decompose at widely 
different temperatures; their decomposition rates can be catalyzed or inhibited and some sulfates 
produce alkali capture reactions.  Finally, CaO can react with the SO3 to form calcium sulfate and 
alkali hydroxides can consume SO3 and convert HCl back to alkali chlorides. 
 
Henderson and others [91] exposed a range of alloys in long-term superheater probe tests in two 
wood-fired boilers with and without additives.  One test boiler was the 540°C (1004°F) steam CHP 
unit in Nyköping and the other was a 98MW, 480°C (896°F) steam, bark-fired boiler at Munksund, 
also in Sweden.  The paper, which included two co-authors from Vattenfall, concluded that 
ammonium sulfate additions reduced the KCl levels in the flue gases, removed the chlorides from 
both tube deposits and the tube/scale interface.  The additives greatly reduced the deposition rates and 
halved the corrosion rates of superheater materials.  
 
An independent field evaluation of the ChlorOut® technology was performed by Broström and others 
[46].  The tests were performed in a 96MW(thermal)/25MW(electricity) circulating fluidized bed 
(CFB) boiler burning bark with and a chlorine-containing waste.  Spraying ammonium sulfate into 
the flue gases reduced the KCl concentration from more than 15 ppm to about 2 ppm.  Test probes 
showed that the additive decreased both deposition rates and corrosion rates.  When ammonium 
chloride was added, the deposit contained more sulfur and almost no chlorine.  Other data confirmed 
that the additive was sulfating KCl to K2SO4. 
 
6.7.2.4 Aluminum and ferric sulfates 
 
Aho and others [72] have evaluated the effectiveness of aluminum and ferric sulfate additives to 
produce SO3 and convert alkali chlorides to sulfates. The authors sprayed controlled dosages of 
aqueous solutions of Al2SO4 and Fe2(SO4)3 into a pilot-scale fluidized biomass reactor.  Both 
additives removed the chlorides from the fine ash particles at dosages with a S(additive)/Cl(fuel) ratio 
of 1.5.  With aluminum sulfate a dose of S/Cl2 of 0.45 was sufficient to sulfate almost all the chloride 
in the finest fly ash (0.03 to 0.1μm; 300 to 1000Å).  The authors noted that selecting the correct 
dosage is not an exact calculation because SO3 reacts with calcium and magnesium oxides as well as 
with the troublesome alkali salts.  Sulfation requires more ferric sulfate than aluminum sulfate, but 
ferric sulfate is less expensive and is more soluble in water than aluminum sulfate.  The use of these 
additives was patented in 2006 [99]. 
 
Becidan, Serum, Frandsen and Pedersen studied effects of aluminum sulfate additives on corrosion by 
alkalis and Na, K, Pb and Zn salts in MSW incinerators using thermodynamic equilibrium 
calculations [159].  A factorial experiment was used to determine the direct and interactive effects of 
alkali (Na and K) species and of trace metals (Pb and Zn).   
 
6.7.2.5 Aluminum-containing additives and silicates  
 
Coda, Aho, Berger and Hein [2] studied the vaporization of chlorine species and the formation of 
alkali deposits during combustion of biomass and waste - with and without aluminum-containing 
additives.  Flue gases were analyzed and fly ash particles were analyzed in pilot-scale BFB reactors 
that simulated the particle residence times in full-scale plants.  The fuels burned (softwood and bark, 
paper mill sludge, and blends of wood with agricultural waste or plastic waste) had low sulfur 
concentrations (i.e. <0.5 wt. %), but their alkali concentrations ranged widely (0.02−3.2 w/o for Cl 
and 0.07−3.1 w/o for K).  Cl was found in the fly ash samples but appeared to have completely 
volatilized from the bed ash.  Al-containing additives (kaolin, bauxite and fly ash from a pulverized 
coal plant) increased HCl formation and decreased the concentration of Cl in the fly ash. Al−Si-based 
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additives reacted with alkali chlorides to form alkali aluminum silicates in coarse fly ash particles.  In 
contrast, limestone additions promoted reactions between Cl in the flue gas and coarse flue gas 
particles. 
 
Henriksen, Blum and Larsen studied superheater corrosion in the external ash cooler of a CFB co-
firing straw and coal [160].  Probes installed in the loop seal, which has a similar environment to an 
ash cooler, showed that this corrosion was caused by chlorine.  Corrosion rates were lower in the ash 
cooler than in the convective pass, probably because most of the corrosives in the ash particles had 
been removed in the cyclone.  However experiments in a pilot plant indicated that the chlorine 
concentration could be reduced by silica or kaolinite additions.  The authors concluded that increasing 
residence time and using additives could reduce the concentration of KCl in the upper furnace by a 
factor of 100. 
 
In related work, Davidsson, Steenart and Eskilsson studied the addition of kaolin to the loop seal of a 
35MW CFB boiler fired with forest residues [20].  Almost all the kaolin ended up in the electrostatic 
precipitator.  A small fraction of the kaolin remained in the furnace bed as a thin layer on the sand 
particles.  As the kaolin passed through the boiler, it removed alkali and raised the agglomeration 
temperature of the bed material.  This increased the alkali concentration of the fly ash but decreased 
the solubility of alkali in the fly ash, suggesting that alkali aluminum silicates had formed.  The high 
melting temperature of silicates would make them unlikely to form sticky deposits on superheater 
tubes.    The authors concluded that kaolin additions can reduce superheater deposition and corrosion 
and reduce bed agglomeration in biomass fuel boilers. 
 
Additional studies on the effects of silica additives on corrosion by alkalis and trace metals in MSW 
incinerators have been made, using thermodynamic equilibrium calculations, by Becidan and others 
[159].   
 
6.7.3 Leaching 
 
Leaching biomass with water reduces or eliminates the release of corrosive alkali metal vapors during 
combustion. 
 
Dayton and others [3] have shown that leaching biomass fuels with water reduces or eliminates the 
release of alkali metal vapors when these fuels are subsequently burned.  Leaching typically removes 
>80% of the potassium and sodium and >90% of the chlorine.  It also removes smaller fractions of 
sulfur and phosphorus.  Dayton compared the volatile inorganic species evolved in bench-scale 
combustion tests by leached and un-leached biomass fuels: rice straw, wheat straw, switchgrass, 
power plant wood fuel, fuel crop banagrass and sugarcane bagasse.  The fuels that contained more 
alkali and chlorine evolved more HCl, KCl, and NaCl when they were combusted.   
 
Jensen, Sander and Dam-Johansen reported that when co-firing straw (up to 20% on a thermal basis) 
with coal in existing pulverized coal-fired boilers, [141] the most serious problems are deactivation of 
SCR catalysts applied for NOx reduction and accumulation of potassium in the fly ash.  Pretreatments 
to avoid these problems should maintain the heating value of the straw without introducing potassium 
into the furnace.  A pretreatment process was evaluated in which pyrolysis of the straw at a moderate 
temperature left the potassium in the char.  Potassium and residual chlorine were extracted from the 
char by water, and the char and pyrolysis gases were co-fired with coal. The investigations indicated 
that the low temperature pyrolysis of straw can be performed in a circulating fluid bed reactor 
applying only straw and straw char as bed material. A pyrolysis bed temperature of approximately 
550°C released no significant concentrations of potassium into the gas phase. The authors concluded 
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that extracting the potassium and chlorine in a counter-current moving bed would probably be 
advantageous.  In related laboratory work [142], the same authors studied the extraction of potassium 
and chlorine while the pyrolysis char was being washed with water. Three fractions of potassium in 
the straw reacted differently: 35–58% of the char potassium was dissolved very rapidly, followed by a 
slow release that was strongly influenced by particle size, water temperature, char type and water KCl 
content. The last 5–10% of the char potassium remained in the char and could not be removed by 
extraction with pure water. 
 
6.8 OPERATIONAL MODIFICATIONS TO REDUCE CORROSION 
 
6.8.1 Slagging Superheater 
 
Operating a boiler with a slagging superheater (i.e. at temperatures where the outer layer of tube 
deposits are molten and flow off can be regarded as a design modification to reduce corrosion 
because Vattenfall’s experience with the “chlorine trap” in the Schweinfurt waste boiler suggests that 
superheater deposits that grow thick enough to be molten at the ash/flue gas interface appear to 
provide protection to the underlying tube because they slow the delivery of corrosive species to the 
tube surface [167].  
 
Žbogar, Frandsen and others studied the shedding of fireside ash deposits from superheater tubes in a 
straw-fired grate boiler at Avedøre in Denmark [11].  The investigation used video recording, 
measurements of probe heat uptake and probe mass gain.  The Avedøre 2 unit, which can burn natural 
gas, oil, straw and wood pellets, operates with a high flue gas temperature (900-1100°C) and a low 
deposit melting temperature.  The authors noted that the main shedding mechanism in this boiler is 
the flow of molten material off the outer surface of the deposit.  The rate at which these deposits are 
shed depends on the percentage of molten material in the deposit and therefore on the flue gas 
temperature. 
  
Thermographic measurements by Montgomery, Jensen, Hansson, Biede and Vilhelmsen [30] in the 
Maribø Sakskøbing boiler confirmed the insulating properties of biomass ash deposits by showing 
that the superheater surface temperatures increased substantially when the tubes were covered with 
deposits.  Deposits with surface temperatures above 950°C (1,742°F) were seen to have molten 
deposits running off them.  Tube thickness data were used to project the average worst case tube 
thickness loss after 100,000 hours (11.5 years) service in the hottest superheater bank as about 3.9 
mm (0.15”).  This represents an annualized thinning rate of Type 347H tubes of only 0.34 mm per 
year (0.013” per year).  Montgomery, Jensen, Hansson, Biede and Vilhelmsen concluded that such 
corrosion rates would be tolerable.   
 
The results from Maribø and Avedøre show that the presence of molten phases on the fireside surface 
of a superheater deposit does not in itself cause a major corrosion problem.  Corrosion is controlled 
by the environment and temperature at the tube surface. 
 
6.9 DESIGN MODIFICATIONS TO REDUCE CORROSION 
 
6.9.1 “Chorine Trap” 
 
Anders Hjörnhede (Vattenfall) [167] described an interesting approach to chlorine removal used in a 
waste-fired boiler in Schweinfurt, Germany.  Cool furnace screen tubes were installed upstream of the 
superheater in the convection pass of a waste-fired boiler.  Dr. Ragnar Warnecke, MD of the GKS 
Company that operates the Schweinfurt boiler, added this low temperature heat exchanger as a 
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“chlorine trap” following an empty downward flue gas pass between the furnace and the first 
superheater section.  The WTE plant has steam parameters of 65 bars and 435°C (943 psi and 815°F). 
 The “chlorine trap” tubes operate at temperatures between 300 and 400°C (572 to 752°F).  Alkali 
metal chlorides condense on these tubes forming massive deposits that are removed only once each 
day.  It seems that a molten layer on the fireside of the deposits on these tubes may block the inward 
diffusion of chlorine-containing gases and thus reduce the corrosion rate of the underlying tubes 
[167].   
A similar empty “radiation pass” between the furnace and the superheater, designed into a WTE 
energy plant at Norrköping, Sweden was described by Enestam, Lehtonen and Heinke [126]. 
  
A similar shield installed to protect the superheater of a CFB firing straw was described by 
Henriksen, Blum and Larsen [160].  Co-firing the straw fuel with coal reduced corrosion to 
manageable rates except in the external ash cooler, which received recycled ash from the cyclones 
and contained the hottest superheaters.  This recycled ash included unburned particles that contained 
enough chlorine to initiate corrosion of the superheaters. Design changes included keeping metal 
temperatures in the convective pass below about 450°C (842°F).  As at Schweinfurt, this was 
achieved by increasing the residence time between the furnace and the first superheater and by 
installing an additional evaporator tube bundle immediately ahead of the first superheater to act as a 
shield.  This evaporator section also compensated for lower evaporation in the waterwalls because 
their thick refractories restricted heat transfer.    
 
6.9.2 Easily Replaced Superheater Tubes 
 
Henriksen, Blum and Larsen [160] described a boiler suffering superheater corrosion in an external 
ash cooler environment in which the heat exchange units that formed the final superheater in the final 
ash cooler were designed for easy replacement.  An example of what can be achieved in rapid 
superheater replacement is that the City of Amsterdam achieved a 48-hour fire-to-fire superheater 
replacement in a WTE boiler [166].  
 
Rapidly changeable superheater tube banks were also incorporated in the design of a WTE energy 
plant at Norrköping, Sweden, according to Enestam, Lehtonen and Heinke [126]. 
 
6.9.3 Remove Superheater from Corrosive Flue Gas Environment 
 
6.9.3.1 External superheater using a less-corrosive fuel 
 
A straw-fired boiler at Ensted in Denmark avoids excessive superheater corrosion from flue gas 
products of straw combustion by adding an external superheater that burns a cleaner fuel.  An 
external wood-fired superheater produces a final steam temperature of 542°C (1008°F), while the 
steam exit temperature from the straw-fired boiler itself is 470°C (878°F) [9]. 
 
6.9.3.2 Relocate CFB superheater to loop seal  
 
In a CFB boiler, the fluidizing medium (sand) is separated from the flue gases by a cyclone and 
recirculated through a loop seal to the bottom of the boiler where it flows upward with the 
combustion air to form the fluidized bed.  Skog and others [84] have described the relocation of 
superheaters in biomass boilers from the flue gas stream into the recirculated fluidizing medium 
between the loop seal and the bottom of the boiler.  Immersed in the hot sand, the superheater has 
much less exposure to alkali metal salts and corrosive gases than in the flue gases.  In addition the 
heat transfer per unit area is 5 to 10 times better than in a conventional superheater [155].  This design 
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modification to move the superheater to the loop seal has been commercialized in Foster Wheeler’s 
INTREX design and in Metso’s CYMIC design.   
 
Erosion damage in these relocated superheaters is not rapid because the sand velocities are low.  
Nafari and Nylund [98] measured erosion-corrosion of steel tubes installed in the loop seal of a 
30MW CFB boiler.  The tubes were in service for either about 7 months or about 16 months in a co-
generating plant fired with coal and forest residues26 at Nässjö, Sweden.  Tubes exposed for the 
longer period showed no more wastage than tubes exposed for the shorter period.  Thinning rates 
increased with tube temperature.  The steam inlet and outlet temperatures were 470 and 540°C (878 
and 1004°F), and the authors suggested that the tube surface temperatures would be 50 to 100°C (90 
to 180°F) higher than these values.  The corrosion products consisted of an inner layer of Cr and Fe 
oxides beneath an outer Fe-rich oxide.  Chloride was present at the alloy/scale interface and was 
associated with K and S.  Average material losses on Esshete 1250 (Fe-15Cr-9Ni-1Si-6Mn-
MoVNbB) and Type 347H were comparable and just slightly greater than on AC66 (Fe-27Cr-32Ni-
AlMnSiNbCe).  However, AC66 showed the most severe internal oxidation.   
 
Later work by the same authors [132] tested the same alloys and various coatings in the loop seal of a 
wood-fired CFB at Nässjö.  Tube temperatures ranged from 510 to 550°C (950 to 1022°F).  The loop 
seal ash contained 13% Ca, 9% K, 0.9% Na, 800 ppm sulfate and 100 ppm chloride.  Even the 
uncoated alloys suffered little corrosion during boiler operation.  The fact that the degradation was no 
worse after two firing seasons than after one indicated that corrosion, rather than erosion, is the 
dominant deterioration mechanism.  The thickest oxides, on a 9% Cr alloy, were only about 150μm 
(0.006”) thick after about seven months in service.  Austenitic steels suffered some internal oxidation 
and grain boundary attack.  Although some coatings delaminated, 8 of the 17 coatings tested were 
unaffected by the exposure. 
 
6.9.4 Add an Insulating Layer to Raise the Surface Temperature of Superheater Tubes Above 

the Dew Point of Alkali Chlorides 
 
Enestam, Lehtonen and Heinke [126] have described a series of changes that were incorporated in the 
design of a WTE energy plant at Norrköping, Sweden.  In addition to locating the superheater in the 
loop seal (referred to as a novel fluidized bed heat exchanger - FBHE in this paper) the boiler added 
the following design features: 

Directional primary air nozzles to aid bottom ash removal 
Fuel residence time of 2 seconds at 850°C (1562°F) 
Auxiliary burners that start automatically if the combustion temperature falls below 850°C 
(1562°F) 
Flue gases cool in an empty “radiation pass” before the lower temperature superheater 
sections 
Tube banks were designed to allow rapid changing 

Despite these precautions, the boiler experienced deposit formation and rapid corrosion of the tubes 
in the final (loop seal) superheater.  This corrosion was attributed to the condensation of alkali 
chloride deposits, mainly NaCl, on these tubes.  To prevent this condensation Metso developed a new 
type of composite tube with an internal insulating layer (Patent pending [126]) to raise the surface 
temperature above the dew point temperature of NaCl.  Figure 7, below, shows the three layers in the 
tube [154].   
 

                                                 
26 The fly ash is returned to the forest [132]. 
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Although the higher surface temperature of the new tubes will reduce the heat transfer per unit area, 
this can be compensated for by adding additional heating surface in the loop seal superheater.  
 

 
 

Fig. 7. Metso tube containing a thermally-insulating layer to raise its surface temperature above 
the dew point of NaCl vapor 

 
Enestam, Lehtonen and Heinke [126] noted that fouling of superheater surfaces has been clearly 
reduced by installing the insulating tubes except in a few areas where the fluidization pattern was not 
ideal.  Adding the insulating layer changed the composition of loop seal superheater tube deposits 
from NaCl, KCl, small amounts of Ca and SiO2 and only about 1% S (as SO3) to SiO2, Ca, S 
(probably as CaSO4), alumina, with some Na and Mg.  The chlorine content of the deposits fell to 
about 1% (with a maximum value of 4.5 w/o in a single sample).  
 
Skog and others [84] plotted the effects of increasing superheater tube surface temperatures on the 
concentrations of potentially corrosive species, as shown in Figure 8 [84].   
 

 
 

Fig. 8. Effects of increasing superheater tube temperature on concentrations of potential corrosives 

 
Although the data shown in Figure 8 indicate that KCl is not expected to condense as a liquid on the 
surface of these new three-layer composite tubes, it cannot be assumed that alkali chlorides are not 
corrosive above their dew point temperatures.  Segerdahl and others showed that the KCl vapors in 
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the flue gas can react with the Cr2O3 on the tube surface to form K2CrO4.  This caused local oxide 
failure on an 11% Cr martensitic steel which led to the formation of non-protective Fe2O3 [92].  
Petterson, Svensson and Johansson [75] investigated the corrosivity toward a highly-resistant 
superheater alloy of gaseous KCl at temperatures above its dew point.  They studied the corrosion 
resistance of Sanicro 28 at 600°C under conditions where the dew point temperature of KCl was 
590°C.  KCl gas additions reacted with the protective Cr2O3 on Sanicro 28 to form K2CrO4.  Although 
this increased the oxidation rate, it did not cause a sudden failure (breakaway oxidation).  The 
distribution of K2CrO4 on the alloy surface depended on the gas flow rate, indicating that the rate of 
chromate formation was limited by the rate of arrival of KCl at the surface.  No chlorides were found 
on the alloy surface. 
 
6.10 COATINGS TO REDUCE CORROSION 
 
Lee, Themelis and Castaldi [158] have reviewed corrosion prevention technologies in WTE boilers, 
focusing on the use of Alloy 625 weld overlay cladding, thermal spray coatings, combustion fluid 
dynamics and soot blowing. 
 
Uuistalo and others have compared the corrosion resistance of a 0.17%C superheater tube steel 
(Grade 35.8; DIN 17175) with that of diffusion coated and thermally sprayed materials in 5-hour tests 
in an erosion-corrosion test rig simulating a CFB combustor [95].  The test specimen was cooled to 
550°C.  The erosive material was SiO2 and the particle velocity averaged 28 m/s (92 fps).  The 
authors found that even 0.1% of KCl substantially accelerated the thickness loss of the specimens.  
However, a nickel-based HVOF coating with high chromium content (Ni-57CrMoBSi) showed good 
resistance to erosion-corrosion even when chloride was added.  Chromized coatings and chromium 
carbide coatings did not survive the tests.  Because large platelets in thermal spray coatings are 
difficult to dislodge by erosive particles, the authors concluded that HVOF thermal spray coatings 
should be dense with a large splat size in order to perform well in this type of environment.  
 
Tuurna and a large group of co-workers [65] recently evaluated the use of corrosion-resistant coatings 
to control corrosion in a biomass boiler.  Their tests evaluated the corrosion resistance of thermally 
sprayed HVOF coatings and related materials both on superheater tubes (high temperature fireside 
corrosion) and on economizer tubes (low temperature fireside dew point corrosion) in three biomass 
boilers.  The first test site was in a fluidized bed unit burning peat and wood-based fuels in an 
economizer location that had experienced pluggage.  The tubes were coated with about 200μm 
(0.008”) of a Ni-20Cr coating containing 75% Cr3C2.  The second boiler also had a fluidized bed and 
burned wood-based fuels with small amounts of peat.  The test sites were located at the hot and cold 
ends of the economizer, where tube failures had been experienced.  A 300μm (0.012”) HVOF coating 
and a 400μm (0.016”) arc spray coating were tested.  The chromium contents of the two coatings 
were either 46% or 20%.  The third boiler was a waste-fired grate boiler.  Here the test area was in the 
superheater.  HVOF (16%, 25% and 27% Cr) and spray-and-fused coatings (16% Cr) were applied.  
The coatings were evaluated after one year’s service [65].  The coatings performed well in the first 
boiler, but the adjacent tubing showed little attack and it was concluded that coatings were not really 
needed.  In the second boiler the HVOF tubes showed no appreciable corrosion where uncoated P235 
and P265 tubes had thinned at rates of up to millimeters per year.  The superheater tube coatings in 
the third boiler performed well, with no visible corrosion.  Quality of application, adhesion and high 
density seem to be the critical factors in determining the performance of these coatings.  Amorphous 
coatings and the spray-and-fuse coatings cracked before the test was complete.   
 
6.11 PREDICTION OF CORROSION IN CFBS 
 



 

58 
 

Boiler manufacturers and other consortia have developed models to predict fouling and corrosion in 
biomass boilers in order to specify tube materials for particular operating conditions.  Foster 
Wheeler’s model predicts the tendency of fuels to cause agglomeration, fouling and corrosion in CFB 
boilers and the corrosion produced by a specified fuel on a specified alloy under specified operating 
conditions [104].  Its data base draws on 10,000 fuel sample analyses and over 1,000 tests in about 
150 CFB boilers.  The fuel model combines empirical results with theoretical calculations concerning 
agglomeration, fouling and corrosion [107].  The agglomeration module is based on the formation of 
low melting temperature compounds by alkali elements (Na, K and P) from the fuel and by silica 
from the fluidized bed.  It is assumed that only materials that are soluble at pH 3 will be involved in 
agglomeration reactions and that the likelihood of agglomeration is reduced when aluminosilcates are 
present, particularly from kaolinite minerals.  The fouling module is based on the hypothesis that 
fouling is promoted by alkali (Na and K) compounds and alkaline earth (Ca and Mg) and reduced by 
compounds of aluminum and silicon.  Alkalis soluble at pH 3 are particularly likely to deposit on 
convective heat exchangers.  The corrosion module assumes that chlorine from the fuel is the primary 
corrosive.  If the fouling tendency is low, then corrosion rates will be low and if the fouling tendency 
is high, corrosion rates can be either high or low depending on the concentration of chlorine 
contributed by the fuel.  The presence of sulfur oxides and the addition of kaolinite minerals reduce 
the availability of chlorine to cause corrosion.  The authors hope to extend the corrosion module to 
include effects of zinc, lead and metallic aluminum, which can be introduced by demolition wood and 
which produce deposits with extremely low melting temperatures.  The output of the fuel model is 
expressed on a ten-point scale as the probability that the fuel or fuel mixture will cause 
agglomeration.        
 
The corrosion model estimates the corrosion rate produced by a particular fuel on a particular alloy at 
a particular temperature.  It was developed using fuzzy logic to be used as an advisory tool for 
experts.  Recent upgrades of this model have included re-training with a broader range of field data, 
addition of newer austenitic and nickel-based tube materials and extension to supercritical and ultra-
supercritical steam conditions.  An example of the use of this model cited by Coda Zabetta and others 
[104, 107] refers to a boiler operated on random mixtures of coal, rice husks and eucalyptus bark.  
Corrosion rates estimated for two extreme fuel mixtures (low rice husks and high eucalyptus bark and 
the reverse) correlated reasonably well with tube thinning rates measured in the operating boiler.   
 
Metso Power has developed its own predictive model for the same purpose.  Enestam, Niemi and 
Mäkelä describe the Metso tool which is called STEAMAX [125].  This estimates the corrosivity of a 
given fuel mixture and recommends maximum steam temperatures for candidate tube materials.  
Given the analysis of a proposed fuel or fuel mix, the program uses multiphase, multi-component 
thermochemical equilibrium calculations to predict the melting behavior of the fuel ash as a function 
of temperature.  Elements considered include C, H, N, O, S, Cl, Ca, Mg, Na, K, Al, Si, Fe, P, Pb and 
Zn, 12 solid compounds, 2 solid solutions, 2 liquid solutions and 1 gas phase.  As in the Foster 
Wheeler program, the corrosivity is measured by the amount of chlorine in the flue gas at different 
temperatures and boiler locations.  The maximum allowable temperature for given tube alloys is 
estimated from an empirical database based on data from 20 biomass-fuelled and black liquor 
recovery boilers in which the superheater conditions have been well characterized.  The risk of 
corrosion by a molten deposit is assessed by determining whether the tube surface temperature 
exceeds the FMT of the deposit.  The output of the program is a maximum operating temperature for 
candidate alloys, considering solid chlorine-induced corrosion, gas phase chlorine-induced corrosion 
and molten phase corrosion.  This type of program is useful not only for designing new boilers but 
also for determining where corrosion is likely to appear first in a given boiler where a new type of 
fuel mixture is being considered.    
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UK models of fireside corrosion in coal-fired boilers have been extended by Kilgallon, Simms and 
Oakey at Cranfield University to predict rates of fireside corrosion in biomass-fired boilers [109].  
Their model applies to the corrosion of 1% Cr steel for evaporator conditions, of a 2¼% Cr steel for 
low temperature superheater conditions, of X20CrMoV121 and Type 347HFG for superheater 
conditions and of Alloy 625 for superheater and evaporator repair conditions.  The fuel is coal with 
up to 20% biomass.  Data from a matrix of 1000 hour laboratory tests were used to develop empirical 
models of corrosion under these test conditions.  These corrosion tests were made in various mixtures 
of KCl, K2SO4 and pulverized coal fly ash based on deposit analysis from Danish biomass fuel and 
co-fired boilers.  The deposits were applied to the coupons and re-applied every 100 hours.  The gas 
atmospheres consisted of more and less oxidizing mixtures of O2, CO2, H2O, CO, SO2 and HCl.  A 
model was developed based on these data to simulate the effect of the deposit composition (w/o of 
K+, Cl- and SO4

- in the deposits), the gas composition (vpm of SOx and HCl at 560 and 600°C (1040 
and 1112°F) and pO2 at 425°C (797°F), and the test temperature was developed.  The model fitted the 
medial metal loss measurements fairly well, although it was not verified using a data set different to 
those on which it had been trained.   
 
As part of the UK research effort, Plaza, Griffiths, Syred and Rees-Gralton developed a model to 
predict slagging and fouling during the co-firing of biomass fuels with coal [12].  This model was 
applied to a 618MW pulverized coal boiler burning volatile bituminous coal with sewage sludge and 
sawdust.  Adding sewage sludge increased slagging and high temperature firing and adding sawdust 
had the reverse effect.   
 
It would be of great interest to compare the results of the three prediction models of biomass 
corrosion developed independently by Foster Wheeler, Metso and Cranfield. 
 
6.12 SUMMARY 
 
Setting the steam temperature of a biomass boiler is compromise between wasting fuel energy, risking 
pluggage that will shut the unit down and creating conditions that will produce rapid corrosion on the 
superheater tubes and force replacement expenses.  For example the life of Type 347H superheater 
tubes in a UK straw-fired power station could be extended from 5 years to 15 years by reducing the 
steam temperature by 10°C (18°F).  Where such data are available a boiler operator can make an 
informed decision about the most economic combinations of particular biomass fuels and steam 
temperatures in combination with, boiler design and operation modifications, high alloy tubes and the 
cost of fuel treatments to remove corrosives. 
 
Generally, the most corrosion resistant alloys in biomass superheater environments are FeCrNi alloys 
containing at least 25%Cr.  The critical issue in the corrosion resistance of superheater alloys in 
biomass boilers is their ability to maintain a protective surface oxide despite the tendency for such 
oxides to react with alkali chloride deposits and sulfur oxides to form alkali metal chromates.  If the 
supply of chromium from the bulk of the alloy cannot resist this fluxing and the high temperature 
volatilization of chromic acid, the resulting non-protective oxide can be penetrated by chlorine 
species that cause further acceleration of the corrosion rate by active oxidation.   
 
The most widely used fuel treatments to reduce corrosion in biomass boiler are co-firing biofuels with 
high sulfur fuels, and using additives such as aluminum sulfate that raise the concentration of SO2 or 
SO3 in the flue gas.  Firing biomass with coal has proved successful in situations where sulfur from 
the coal increases the FMT of superheater ash by reacting with KCl to form K2SO4, and where 
aluminosilcates from the coal react with otherwise corrosive alkali metal salts. 
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Design modifications that have been shown to control biomass superheater corrosion include adding a 
radiant pass (empty chamber) between the furnace and the superheater, installing cool tubes like a 
furnace screen immediately upstream of the superheater to trap high chloride deposits, designing 
superheater banks for quick replacement (one European municipal waste boiler recently replaced its 
superheater in 48 hours fire-to-fire), using an external superheater that burns a less corrosive biomass 
fuel and moving CFB superheaters from the convective pass into the hot recirculated fluidizing 
medium and adding an insulating layer to superheater tubes to raise their surface temperature above 
the dew point temperature of alkali chlorides.  All these design modifications offer advantages but 
bring disadvantages. 
 
Danish experience shows that boilers can be operated with molten materials on the surface of 
superheater deposits, if the boiler can operate with insulating deposits on the tubes.  The chlorine trap 
in the Schweinfurt waste boiler suggests that superheater deposits that grow thick enough to be 
molten at the ash/flue gas interface appear to provide protection to the underlying tube because 
transport rates through the molten deposits are slow.   
 
Boiler manufacturers and other consortia have developed models to predict fouling and corrosion in 
biomass boilers in order to specify tube materials for particular operating conditions.  It would be 
very useful to analyze the conditions in the boiler environments where field tests will be performed in 
the current program using the models developed by Foster Wheeler, Metso and the UK consortium at 
Cranfield University. 
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7. DISCUSSION AND CONCLUSIONS 
 
 
7.1 STATUS OF SCIENCE AND TECHNOLOGY OF OPERATING BIOMASS BOILERS AT 

OR ABOVE THE MELTING TEMPERATURE OF ASH DEPOSITS 
 
Although the prevailing opinion is that superheater tube alloys cannot survive in contact with any 
molten deposits, we have not found any basis for this opinion in systematic studies of corrosion rates 
in biomass boiler superheater environments where the tube temperatures exceed the FMT of the fly 
ash.  However, we have identified several biomass boilers that successfully operate with superheater 
deposits so thick that the fireside surface of their deposits is molten. 
 
It is important to remember that, the fact that the flue gases contain species that would be molten at 
the tube surface temperature does not indicate that molten deposits are in contact with the tube 
surface.  The suitability of an alloy for superheater service depends on its ability to maintain its 
protective oxide in the environment produced by the mix of particles that adhere to its surface and the 
gaseous species in the combustion gases.  Mechanisms of oxide failure have been studied in some 
detail.  These typically involve reactions between chlorine species and chromium oxide.  If the 
protective chromium oxide fails (either by forming alkali metal chromates or by physically fracturing, 
direct access of chlorine species to the tube surface will cause active oxidation that will proceed at 
higher corrosion rates than are manageable. 
 
Major suppliers of biomass boilers have selected the following as the lowest-cost approach to 
generating energy from biofuels: (a) use a boiler design optimized for biomass fuels27, (b) reduce the 
corrosivity of the biomass to an acceptable level by co-firing it either with a less corrosive fuel or 
with a high sulfur fuel that will convert alkali chloride deposits to alkali sulfates, (c) add sulfur or 
silicate chemicals as required to prevent the formation of alkali metal chloride deposits, and (d) 
having taken these precautions, choose the maximum steam temperature to achieve the lowest total 
cost of energy plus maintenance.  Future work in this project will study the economics of these 
optimization processes in model systems.  
 
7.2 FINDINGS APPLICABLE THE LABORATORY AND FIELD TESTING IN THIS 

PROJECT OR FUTURE PROJECTS  
 
The current survey of biomass boiler corrosion research findings revealed several laboratory 
approaches that could be used either in the current project or in future projects.  For example several 
laboratories have shown that increases in temperature gradient increase corrosion rates at a given tube 
temperature28.  Although most of these studies were in coal fired or in WTE boilers, they were 
confirmed in biomass boilers at Maribø and Avedøre 2.  While constant temperature laboratory tests 
may be useful to identify candidate alloys, field or laboratory testing under a thermal gradient appears 
necessary to simulate the conditions in an operating boiler.  
 
Simultaneous Thermal Analysis measurements by Hansen and others to quantify the melting of fly 
ash produced when co-firing coal and straw [8] showed that the proportion of molten material at the 
first melting temperature measured by standard ash fusion test ranged from 1% to 36%.  In related 
work, Salmenoja and Turiemo [136, 115] concluded that conventional deposit sampling procedures 

                                                 
27 Features of such boilers typically include an empty radiation pass to ensure that flue gas reactions go to completion, a 
superheater removed from the convection pass, easily-replaced tube banks and other features such as a chlorine trap or tubes 
with an insulating layer so that their fireside temperature exceeds the salt dew point.  
28 See references 30, 123, 144, 145, 147, 156, 165. 
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can allow sulfides to become oxidized to sulfates and that this would overestimate the FMT.  These 
findings cast doubt on the reliability not only of FMT measurements using the standard ash fusion test 
but also of thermochemical equilibrium calculations based on the analysis of deposit samples.   
 
Dimensional metrology techniques developed in a number of European laboratories robotically scan 
the circumference of a tube sample and use automated image analysis to make statistical analyses of 
the depth of penetration and the corrosion product thickness.  Using this type of standard method for 
evaluating damage on irregularly corroded surfaces would be useful in the laboratory evaluation of 
test materials in this project. 
 
A very powerful method for evaluating the corrosion resistance of candidate alloys in operating 
boilers has been developed in Denmark.  These involve the installation of individual test loops in 
operating superheaters.  The steam flow in each loop is controlled independently of that in the main 
superheater to control its tube temperature.  Detailed thickness measurements can be made before the 
tube is installed and after it is replaced at a routine shutdown [49].  
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APPENDIX A.  SUPERHEATER CORROSION AND ALLOY PERFORMANCE IN 
CURRENT GENERATION HIGH PRESSURE RECOVERY BOILERS 

(pages 53 to 59 of reference [31]) 
 
Corrosion of superheaters is generally not an issue in recovery boilers that are operated at a steam 
temperature below 450°C [32]. In current generation high pressure (HP) boilers, steam temperatures 
are somewhat higher, usually ranging from 480°C to 500°C. It is generally accepted that accelerated 
corrosion of superheaters in a HP recovery boiler is mainly caused by molten salt attack [32-36]. 
Molten salts are generally a good fluxing agent, effectively removing protective metal oxide scale 
from an alloy surface. Accelerated corrosion proceeds primarily by oxidation, which is then followed 
by dissolution of metal oxides in the melt. 
 
Superheater deposits consist mainly of sodium sulfate (Na2SO4) and sodium carbonate (Na2CO3) with 
small amounts of sodium sulfide (Na2S), sodium chloride (NaCl) and similar potassium (K) salts [32, 
37]. The first melting temperature (FMT) of the deposit depends on the concentration of potassium, 
carbonate (CO3

2-) and sulfide (S2-) in the deposit, typically ranging from 520°C to 580°C [37]. 
Another critical factor is the proportion of liquid phase present at the first melting temperature (FMT) 
which strongly depends on the chloride concentration [38]. Reported field studies and operating 
experience consistently show that the corrosion rate of superheater tubes increases rapidly when the 
first melting point of the deposit is exceeded, and more so if the  molten deposit contains sulfide or 
reduced sulfur compounds [33,39-44]. In the past, many superheater corrosion problems were often 
caused by molten acidic sulfate deposits containing sodium and potassium bisulphate [(Na,K)HSO4] 
and pyrosulfate [(Na,K)S2O7] salts, which are stable at elevated concentrations of acidic sulfur gases 
(SOx) [39]. However, as recently discussed, typical SOx levels produced with current operating 
practices are not, under almost any circumstances, high enough to promote corrosion by the formation 
of these molten acidic sulfate salts [34]. 
 
Superheater design for low pressure (<6,000 kPa), (LP) recovery boilers traditionally has been 
governed by the need to achieve a balance between performance (steam temperature and pressure) 
and plugging. Relative to other boilers, recovery boilers have a much higher particulate flux through 
the superheater section, and, consequently tend to plug more easily [45]. Side-to-side spacing (across 
the bank), tube size and mechanical design (including support) has varied throughout the decades to 
accommodate overall boiler design [46, 47]. Low alloy steels have been commonly used for 
superheater tubes in LP boilers, with the selection generally governed by similar design constraints as 
for other types of boilers, namely high temperature strength, creep resistance, oxidation resistance and 
economics. Table 2 identifies the low alloy steels most commonly used along with the recommended 
maximum allowable tube temperature. 
 

Table 2. Typical superheater tube materials in LP/HP kraft recovery boilers 
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For superheaters in HP recovery boilers, a balance between performance, plugging and corrosion is 
required. With respect to corrosion, a key superheater design constraint is to maintain tube 
temperatures below the first melting point of the deposits. Temperatures are reduced by ensuring 
relatively low flue gas velocity, ensuring relatively high steam flow through each tube, arranging for 
the coolest steam to flow through tubes exposed to hottest flue gas, and locating the majority of the 
superheater sections behind the bull nose (furnace arch), shielded from radiation [46,47].  
 
This design philosophy has permitted the widespread use of the less-expensive low alloy steels as 
superheater tube materials. However, such application has not been without problems. Reported 
experience with HP superheaters fabricated entirely of low alloy steel, revealed rapid corrosion at the 
bottom bends, with measured rates ranging from 0.3-0.6 mm/y [33,39,44] to as high as 2.4 mm/yr 
[49]. The cause in each case was attributed to elevated temperatures of the lower bends. Based on the 
various resistances to heat transfer, the surface temperature of a superheater tube is expected to be 
about 30 to 50C° hotter, or higher if affected by direct radiation, than the steam temperature inside the 
tube [50, 51]. In addition, the tube temperature may be 20C° hotter on the windward side than on the 
leeward side [43]. Note also that the individual tube steam temperature can vary ± 23C° from the 
average across the steam manifold [52].  The resultant combined increase may be beyond the FMT of 
the deposit depending upon the composition. 
 
Replacing the low alloy steel lower tube bends with higher chromium-containing, more corrosion-
resistant alloys has been one approach used to address the accelerated corrosion observed. A listing of 
the more typical alloys used is also provided in Table 3. The selection of these alloys was based 
largely on prior field testing using air-cooled probes [33, 39-44]. Reported experiences of using these 
upgrades have been positive for the most part. A summary of preliminary experience (no more than 
seven years’ service) of austenitic stainless steel lower tube bends installed in Finnish HP recovery 
boilers (480°C/8,000 kPa superheater units) was published some time ago [53]. As reported, the 
corrosion rate of the installed tube bends, fabricated from Type 304, 304L, 321 and 347 stainless 
steel, was around 0.1 mm/yr, with no significant differences found between the various grades of 
stainless steel used. There are also limited reports of low corrosion rates observed on Alloy 800H 
lower tube bends installed in Canadian HP recovery boilers (482°C/6,200 kPa superheater units); one 
based on a little more than two years of service [40], and the other based on about twenty years of 
service [54]. 
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However, there have been reported cases in which these alternatives have experienced accelerated 
corrosion. A summary of these cases is provided in Table 4. A reported case of accelerated corrosion 
exists for each of the major alloys used as replacement upgrades, with the exception of Alloy 28 for 
lower superheater tube bends. Alloy 28 tube bends have been installed in Swedish, Brazilian and 
Finnish HP recovery boiler since 1994 [55]. An elevated tube temperature was identified as the root 
cause of the accelerated corrosion in each of the reported cases. This conclusion is consistent with the 
findings of the air-cooled probe studies, which show corrosion of these alternative alloys increases 
rapidly when the first melting point of the deposit is exceeded [33, 39-44]. 
 
In addition to the fireside corrosion issues noted above, the reliability of superheaters in recovery 
boilers is also strongly affected by stress-related problems. Given that the superheaters are suspended 
through the roof and hang freely in the flue gas environment, they are susceptible to a combination of 
mechanical and thermal static and/or cyclic stresses, during start-ups, operation and shut-downs. As 
recently discussed, these problems can results in distortion (in-plane and out-of-plane) of the 
assembly, cracks at attachments, or crack-induced tube leaks [57]. Another cause for concern is 
waterside stress corrosion cracking. As reported in the literature, the monolithic authentic stainless 
steel tube bends are likely more susceptible [58]. 
 

Table 3. Reported cases of accelerated lower tube bend corrosion of replacement alloys 

 
 

Superheater Corrosion and Control in Next Generation HT/HP Recovery Boilers  
 
Next generation HT/HP recovery boilers, which are operated at a steam temperature of 500 to 515°C 
and a steam pressure of 9,900 to 10,900 kPa, already exist in Japan [59-62]. Key design features 
implemented that help control superheater tube corrosion are reported by the boiler manufacturer to 
include the installation of non-process element (NPE), namely potassium and chlorine, removal 
equipment downstream of the recovery boiler, use special austenitic (25Cr-14Ni) stainless steels, and 
a large number of soot blowers. Reducing the potassium and chlorine content in the liquor cycle helps 
to control corrosion by lowering the potassium and chlorine content in the deposits that form on the 
superheater tubes, which in turn increases the FMT [37] and decreases the proportion of the liquid 
phase present [38], respectively. The special stainless steels were developed with input from 
laboratory studies, as well as from operating experience [59, 63, 64]. Table 5 documents the nominal 
compositions of the three grades developed. The original grade YUS170 was used in early HT/HP 
recovery boilers. The latest grade MN25R was developed to improve the strength at high 
temperatures and to increase the (intergranular) corrosion resistance. Experience reported has been 
positive with these alloys, except when there has been contact with a high sulfur dioxide (SO2) 
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concentration in the flue gas, and with deposits enriched in chlorine (as chloride) [61]. There was no 
mention of a waterside stress corrosion cracking concern. It is noted that no independent confirmation 
of boiler operation and/or superheater tube performance has been reported in the public domain. 
 
The recent interest in implementing the next generation HT/HP recovery boilers in Finland has also 
initiated laboratory-based research and development programs designed to identify more corrosion 
resistant alloys from which to fabricate superheater tubes [35,65-67], in addition to those conducted 
in Japan [59,63,64]. An overview of the alloys and testing conditions studied is provided in Table 5. 
As the summary shows, a wide range of alloys have been tested in a wide range of salt mixtures, 
exposed to a wide range of cover gas mixtures, for a wide range of times. In spite of the many 
inconsistencies among the testing parameters, these studies have generated a reasonably consistent set 
of results, and thus conclusions regarding corrosion above the FMT. 
 
Major findings are summarized as follows. 
• Corrosion increases significantly at temperatures above the FMT, the extent of which increases with 
the amount of molten phase present at a given temperature. 
• The corrosion mode is mostly localized (pitting and intergranular attack), consistent with a 
mechanism involving attack by a molten chloride-containing salt, and does not require an interaction 
with SO2 or HCl in an O2-containing gas phase. 
• Alloys with higher chromium contents have a higher corrosion resistance, more so, if molybdenum 
and nitrogen are present as additional alloying elements. 
• Finally, the removal of non-process elements (NPE) (potassium and chlorine) from the chemical 
recovery process is a critical part of corrosion control. 
 
In contrast, the conclusions drawn from these studies regarding the corrosion of alloys below the 
FMT are less consistent. There is a consensus that the risk of corrosion below the FMT by the so-
called “active-oxidation” mechanism [68, 69] is low for the set of alloys studied, with the exception 
of the low alloy steel grade SA-213T22. Active oxidation involves the formation of Cl2/HCl gas 
within a chloride-containing deposit, which then migrates to the alloy/scale interface, where the 
partial pressure of oxygen is low, and then reacts to form volatile metallic chlorides. As the vapor 
pressure of the metallic chloride products is considerable at the typical heat transfer surface 
temperatures involved, continuous sublimation occurs, and the gaseous metallic chlorides diffuse 
towards the scale/flue gas interface. Upon reaching regions with high oxygen (O2) partial pressures, 
the gaseous metallic chlorides react with O2/water vapor (H2O) to form solid oxides, releasing 
Cl2/HCl. The resulting scale is almost detached from the substrate and offers little protection. 
 

Table 4. Superheater tube materials in HT/HP recovery boilers in Japan 

 
 
Several studies [65, 70] conclude that, below the FMT, KCl-containing recovery boiler deposits are 
more corrosive than NaCl-containing ones, whereas others report the opposite [71, 72]. Another 
controversy involves the critical temperature at which active oxidation initiates for stainless steel 
alloys. Based on a laboratory test, corrosion of stainless steel by active oxidation was found to be 
moderately dependent on temperature in a range from 550 to 650°C, and strongly dependent on 
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temperatures at temperatures in excess of 650°C [73]. However, a recent study documenting the 
corrosion of high alloy superheater tubes in a waste-wood fluidized-bed boiler shows the critical 
temperature may be as low as 500°C for stainless steel [74]. 
 

Table 5. Laboratory superheater tube corrosion testing for HT/HP recovery boilers 

 
 
As the literature points out, there are many critical factors that influence the corrosion resistance of 
superheater tube alloys, both above and below the FMT of a typical deposit in a HT/HP recovery 
boiler. In spite of the relevant field studies conducted in HP recovery boilers using air cooled probes 
and laboratory studies conducted under controlled conditions, it remains difficult to directly compare 
the corrosion resistance of candidate tube alloys. Comparisons among the field test results reported 
are not reliable considering the variable, poorly-defined, albeit real, environmental conditions 
encountered within the various boilers under study. Comparisons among the controlled laboratory test 
results reported are not reliable as a consequence of the differences in the testing parameters. Among 
the documented lab tests, it is difficult to assess, in a quantitative manner, the relative effect of 
elevated temperature, time at temperature both below and above the FMT, and gas composition, for a 
given deposit composition and alloy. In addition, more information is required on the possible 
influence of water vapor on corrosion both above and below the FMT. This is important since soot 
blowing can increase the local H2O concentration by 3.5 vol. % [75]. Dissolved H2O in molten 
chloride-containing salts has been reported to enhance melt corrosivity [67, 71]. Also, in recently 
reported corrosion tests, water vapor additions (2 vol. %) were found to increase the corrosion rate of 
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chromium-containing, nickel-based alloys tested in a simulated reducing low nitrogen oxide (NOx) 
coal-fired combustion environment [76,77]. This finding may be relevant in HT/HP recovery boilers 
under conditions of high carryover. 
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